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Section 1 
Executive Summary 

The year 2005 was a milestone year for the New England region in terms of bulk power system reliability. It marked the first year that ISO New England Inc. (ISO), the region’s Independent System Operator, operated as the Regional Transmission Organization (RTO). It also was a year marked by two significant hurricanes—Rita and Katrina. These storms negatively impacted the natural gas and oil industry infrastructure in the Gulf Coast region and posed potential threats to the operation of the New England bulk power system in winter 2005/2006. 

This report summarizes the events of 2005 and the actions taken by the ISO and its stakeholders to maintain system reliability. It summarizes the ISO’s new reliability functions as the RTO and provides a high-level snapshot of the ISO’s accomplishments during the year. This report also documents the ISO’s compliance with certain provisions of its Transmission Operating Agreements (TOAs) with the New England transmission owners (TOs), which call for an annual assessment of its efforts to coordinate transmission equipment outages.

One of the ISO’s main accomplishments in 2005 was its establishment as the RTO for New England. The ISO now has full operational control of the region’s bulk power system, operating under the principle of “one set of hands on the wheel” and in full support of and compliance with North American Electric Reliability Council (NERC) and Northeast Power Coordinating Council (NPCC) reliability standards.

In 2005, the ISO maintained reliable system operations in which the bulk power system dispatch caused no loss-of-load events. It reliably operated the system during summer 2005’s high-peak load days, including all eight of the top ten all-time peaks New England has experienced. The record load of 26,885 megawatts (MW) was set during the afternoon of July 27, 2005. This was approximately 1,500 MW higher than any other previous New England peak-load demand level. The effective manner in which the ISO dealt with this event was influenced by the following contributing factors:

· Resources procured through the ISO’s Request for Proposals (RFP) for Southwest Connecticut Emergency Capability provided demand-response and supplemental resources that were critical to ensuring the reliable operation of the bulk power system during the peak-load hours. 
,

· The ISO’s systemwide demand-response programs resulted in a 220 MW reduction in customer demand for electricity during the peak-load hour, which significantly enhanced the ISO’s ability to reliably meet demand during this time.

· New England generator availability was high, which enhanced overall system operating flexibility (90% of all New England generation was available during the peak hour).

· The bulk transmission system operated well, with minimal unplanned outages.

· Although operation of the transmission system in the Springfield, Massachusetts, area was complicated by high levels of both local loads and exports to Connecticut, the ISO optimized its commitment of local resources in western Massachusetts to reliably operate the system over the peak hours. 

Other key accomplishments for the ISO in 2005 include the following:

· Developed and implemented a Winter 2005/2006 Action Plan that provided over 2,000 megawatts (MW) of additional capacity

· This occurred by increasing dual-fuel capability of generation and demand-response resources to help cover anticipated capacity shortfalls under extreme cold-weather conditions following hurricanes Rita and Katrina.

· In a related effort, the ISO also enhanced the regional system planning process to identify and assess fuel-diversity and resource-adequacy issues in New England in the coming years.

· In conjunction with the New England transmission owners:

· Developed a new transmission equipment outage-scheduling procedure that involves scheduling outages to protect reliability and minimize congestion costs. The ISO processed and managed over 4,800 transmission equipment outages in 2005 using this new procedure, which is estimated to have saved consumers in excess of $30 million during the year.

· Developed and implemented measures that helped reduce out-of-merit costs for generation resources. Costs fell from the 2005 average cost per month of approximately $24 million/month to an average cost of $11 million/month in the first two months of 2006.

· Established Vermont Electric Power Company (VELCO) as a local control center (LCC) in New England, which coordinates with and receive instructions from the ISO to reliably operate the bulk power system

Additional ISO efforts in 2005 to improve the New England bulk power system were as follows:

· Supported the New England transmission owners’ successful efforts to obtain the necessary siting approval by the end of 2005 for five major 345 kilovolt (kV) transmission projects

· During the year, placed in service 51 transmission projects identified through the regional planning process, totaling $148 million

· Established a regional cost-allocation process to identify those components of future transmission-upgrade costs that should be regionalized and those that should be localized; with advisory input from the New England Power Pool (NEPOOL) stakeholder process, approved the regional allocation for 34 projects, for a total allocation of costs to the region of $300 million

· Developed a formal RTO-controlled process that established best practices for maintaining valid and accurate transmission facility ratings in New England

Section 2 
Introduction

ISO New England is the not-for-profit organization responsible for the day-to-day reliable operation of the bulk power generation and transmission system in Connecticut, Maine, Massachusetts, New Hampshire, Rhode Island, and Vermont.
 The ISO helps protect the strength of New England’s economy and the well being of its people by ensuring the constant availability of electricity, today and for future generations. The ISO meets this obligation in three ways:

· Ensuring the day-to-day reliable operation of New England’s bulk power generation and transmission system

· Administering, overseeing, and ensuring the fair administration of the region’s $10 billion wholesale electricity marketplace, comprised of more than 280 market participants

· Managing a comprehensive regional planning process (through which 51 transmission projects were placed in service in 2005 totaling $148 million)

Created in 1997 as an Independent System Operator, the ISO became the New England Regional Transmission Organization on February 1, 2005, after a four-year development effort. This effort involved collaboration with federal and state regulators, transmission and generation owners, and other market participants.
 As an RTO, the ISO has broader authority for the day-to-day operation of the region’s transmission system and a greater level of independence to effectively manage the region’s bulk power system and competitive wholesale electricity markets.

This ISO New England 2005 Annual Reliability Report, which is the first report of its kind the ISO has published, highlights the reliability challenges and issues the ISO faced in 2005. It also discusses how the ISO addressed these challenges and issues. These measures include improvements to the wholesale electricity markets and regional planning process, participation in regional and national reliability organizations and compliance with the standards they impose, and a constant and dedicated effort to improve the ISO’s business practices and procedures. 

Section 3 
The ISO’s Operational Authority and
Key Responsibilities

The ISO performs its functions as an RTO in accordance with agreements it has entered into with the region’s market participants and transmission owners. The ISO maintains extensive documentation of its business practices and procedures and has a thorough employee training program. Internal and external parties conduct extensive auditing of ISO business practices and procedures. This section discusses the ISO’s operating authority, organization, and the functions of system operation.

3.1 Operating Authority

As a signatory to various Transmission Operating Agreements, the ISO has clear responsibility and accountability to maintain reliability and preserve the integrity of the power system on a daily basis and in emergency situations. The TOAs provide a contractual framework that defines, clarifies, and strengthens the institutional stability of the ISO, which has a hierarchical operational authority over regional power system activities related to system operations, economic dispatch instructions, and transmission planning functions.

The ISO’s operating authority, as described in the TOAs, includes planning and maintaining short-term (including real-time) reliability and system security in accordance with Federal Energy Regulatory Commission (FERC)-approved market rules and applicable transmission tariff(s). It also includes issuing instructions to, or coordinating with, five LCCs as needed. In performing its responsibilities, the ISO meets or exceeds the applicable reliability standards of the North American Electric Reliability Council, the Northeast Power Coordinating Council, and other applicable regulatory authorities. The ISO functions as an RTO under the “one-set-of-hands-on-the-wheel” principle. 

Appendix A provides more details about the ISO’s Transmission Operating Agreements. Appendix B lists the NERC, NPCC, and North American Energy Standards Board (NAESB) committees supported by the ISO to accomplish a range of tasks related to system operations, standards development, infrastructure protection, planning, and reliability and interregional coordination.
 Appendix C provides the status of the ISO’s 2005 compliance with NERC and NPCC criteria, standards, and other programs.

3.2 Organization and Functions of System Operations

ISO Operations is comprised of four main departments, as follows:

· System Operations—responsible for day-to-day operation of the bulk transmission system, day-ahead load forecasting and resource commitment, transmission-operations planning, transmission-outage coordination, and contract scheduling and administration of the ISO Open Access Same-Time Information System (OASIS)

· Reliability and Operations Services—responsible for compliance with the requirements of regional and national reliability organizations, administration of the ISO’s Transmission, Markets, and Services Tariff, and support of national, regional, and NEPOOL committees dealing with transmission and reliability.
,

· Market Operations—responsible for market settlements, market administration, market assessments, and operations analysis.

· System Planning—responsible for transmission planning, resource adequacy planning, and inter-area planning.

In performing its operational responsibilities, the ISO works closely with five LCCs located throughout New England: 

· Connecticut Valley Electric Exchange (CONVEX)

· Rhode Island-Eastern Massachusetts-Vermont Energy Control (REMVEC)

· Maine Power Exchange

· New Hampshire Electric System Control Center

· VELCO Control Center

The LCCs are separate from the ISO Control Center and perform certain functions in accordance with the ISO tariff and the TOAs. A set of ISO New England operating procedures, Master/Local Control Center (M/LCC) procedures, and transmission operating guides contain details for interacting with the LCCs, such as conducting generation and transmission operations within the bulk power system.
 These procedures convey the intent of the processes, document standardized methods for conducting them, assign responsibilities, and provide criteria for decision making. 

Section 4 
Overall System Performance in 2005

The section covers reliability metrics and highlights of key milestones reached in 2005, including all-time record levels for the annual use of electricity and peak loads, cold-weather event operations, operational challenges within specific areas, and compliance with reliability standards.

4.1 Actual 2005 Data and Forecasts for Electricity Use and Peak Loads

The ISO forecasts electricity demand for New England to determine the need for future resources (in the long-term forecast produced by ISO System Planning) and determine resource commitment (in the day-ahead forecast produced by ISO System Operations). 

Actual 2005 Use of Electricity and Peak Loads

New England weather during most of 2005 was generally either mild or normal. However, weather from June to September was hotter and more humid than normal. As shown in Figure 4‑1, the actual weekday daily peak loads in New England nearly approached the winter peak-load forecast on one day in January 2005 and exceeded the summer peak-load forecast on two days in July 2005. For both of these days, the weather was hotter and more humid than the expected weather forecast by ISO System Planning for the summer peak load.  
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Figure 4‑1: ISO New England 2005 actual weekday daily peak loads.

A record high peak load of 26,885 MW was set during the afternoon of July 27, 2005. This was an increase of 2,769 MW over the 2004 peak and 1,537 MW over the previous all-time daily peak of 25,348 MW, established on August 14, 2002. During the peak-load hour on July 27, 2005, the implementation of ISO New England Operating Procedure No. 4, Action during A Capacity Deficiency (OP 4) resulted in 220 MW of emergency demand-response relief.
, 
 When these megawatts were added back to the recorded peak load, the adjusted peak-load demand was 27,105 MW. The total demand for electric energy in 2005 was 136,000 GWh (136,000,000 MWh), an increase of 3.0% (4,000 GWh) from 2004 levels.

The ISO reliably operated the New England bulk power system during this record high-peak load. The contributing factors to the successful operation of the system during the peak hours were as follows:

· Operation of the bulk power system was enhanced by the response to the ISO’s Request for Proposals (RFP) for Southwest Connecticut Emergency Capability, which provided both demand response and supplemental resources to address specific Southwest Connecticut reliability concerns.

· The ISO’s systemwide demand-response programs resulted in a 220 MW reduction in overall customer demand.

· New England generator availability during the peak hour was high (90% of New England generation resources were available).

· The bulk transmission system operated well, with minimal unplanned outages.

· Although the operation of the transmission system in the Springfield, Massachusetts area was complicated by high levels of both local loads and exports to Connecticut, the ISO optimized its commitment of local resources in western Massachusetts to reliably operate the system over the peak hours.

In recent years, New England’s summer-peak loads have consistently reached higher levels than winter-peak loads. The growth in summer peak-load demand is driven by a strong growth in the commercial sector of the economy and the associated increase in the use of air-conditioning equipment. Summer load levels are particularly sensitive to the ambient temperature and dew point (humidity) levels. This sensitivity is clearly visible in the circled area of Figure 4‑2, which shows New England’s 2004 and 2005 peak demands. Figure 4‑2 also shows the significant difference between on-peak and off-peak load levels on summer peak-load days, as compared with other seasons. This suggests that additional opportunities for peak-load shaving may exist, which could result in substantial consumer savings. 
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Figure 4‑2: New England peak demand for 2004 and 2005.

4.1.1 Operations Day-Ahead Forecasts for Unit Commitment

The day-ahead forecast for electricity demand, which is updated daily by ISO System Operations, is an important parameter for determining the commitment of the optimal level of generation resources for meeting the reliability needs of the system. Overforecasting demand can lead to overcommitment of generation resources and additional costs to market participants. Underforecasting can lead to undercommitment of generation resources and potential reliability issues due to capacity deficiencies. 

The weather, more specifically, temperature, wind speed and direction, humidity (dew point), and, to a lesser extent, cloud cover, heavily influences the day-to-day electricity demand. For this reason, the ISO relies on these factors as key inputs in the model it uses to forecast electricity demand. When the actual weather does not materialize as predicted, the accuracy of the load forecast suffers. Years of experience in forecasting loads have taught ISO staff that the relationship between weather-forecast error and demand-forecast error is not linear; demand-forecast error is greater during times of extreme weather (i.e., during periods of very high temperatures/humidity or very low temperatures/high winds).

Day-ahead demand-forecast error in 2005 averaged 2.07%. As shown in Figure 4‑3, in seven months during the year, the forecast error was less than 1.8%, and in two other months, the error was less than 2%. Figure 4‑3 also illustrates that forecast errors are significantly higher during the winter and especially the summer seasons when weather tends to be more extreme. The extreme weather experienced during summer 2005 was a critical factor that led to some of the highest monthly average load-forecast errors during the year.
 In fall 2005, the ISO initiated a project with the University of Connecticut to explore new forecasting methodologies and tools to improve the ISO’s ability to forecast loads. Certain enhancements to the ISO’s forecasting tools have already been implemented, and additional enhancements are expected in 2006.
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Figure 4‑3: Day-ahead forecast error in 2005, by month.

4.2 Loss-of-Load Events

Reliable system operations by the ISO and LCCs ensured that no loss-of-load (LOL) events occurred during 2005 as a result of bulk power system dispatch.

4.3 Cold-Weather Event Operations in New England

During January 2004, the ISO experienced what has come to be referred to as a “Cold Weather Event.”
 Winter 2004/2005 was an average winter, with substantially milder weather conditions than the previous winter. The ISO’s Internal Market Monitoring Unit (INTMMU) performed a post-winter operational analysis for which it published a report on April 29, 2005, entitled Assessment of Cold Weather Event Operations in New England, Appendix H of Market Rule 1, During Winter 2004/2005.
 

The provisions of Appendix H provide operational tools to help mitigate reliability concerns during periods of extreme winter weather, such as the provisions for notifying market participants of a projected Cold Weather Watch, Cold Weather Warning, or Cold Weather Event. Appendix H also details formal processes for the ISO to work with owners of gas-fired generators and the regional natural gas industry to improve the ISO’s coordination and exchange of information with gas pipeline operators. The overall aim of these processes is to improve the ISO’s ability to forecast both supply and demand and to reliably operate the system during periods of extremely cold weather. All ISO efforts to be prepared to perform additional cold-snap assessments or implement reliability-based remedial cold-snap activities were completed by summer 2005.

However, in late summer 2005, two massive and devastating hurricanes, Katrina and Rita, caused significant damage to the fossil fuel energy infrastructure in the southern United States along the Gulf of Mexico. Hurricane Katrina made landfall in New Orleans on August 29, and Hurricane Rita made landfall in eastern Texas on September 24. These storms turned out to be the most destructive hurricanes to ever affect the energy sector of the U.S. economy. Gulf Coast oil, natural gas, and refining capacity had all been ravaged. As the 2005/2006 winter heating season approached, although recovery efforts were well underway, it was questionable whether gas storage facilities would be sufficiently refilled or if oil refineries would become functional in time to allow the winter demands for these fuels to be met.

The ISO commissioned a study to assess the damage inflicted by the hurricanes and gather market intelligence on recovery efforts. On October 6, 2005, the ISO published the results of the study in the report, Post Katrina and Rita Outlook on Fuel Supply Adequacy and Bulk Power Security in New England.

The reliability issues identified during winter 2004/2005 concerning constrained pipeline capacity into the region combined with lack of firm contracting by gas-fired generators were now potentially exacerbated by potential natural gas supply shortages and price concerns. Based on its previous cold-weather operating experience and the findings of the October 6, 2005, report, the ISO quickly began a second wave of cold-snap activities to prepare for potential fuel-supply shortages within New England’s electric power sector during the 2005/2006 winter season. 

As it happened, fortuitous weather during winter 2005/2006, the fifth warmest on record, helped New England avoid potential hurricane-related shortages of fossil fuels used by power plants in the region. New England’s peak demand for winter 2005/2006, 21,768 MW, occurred on December 14, 2005, which was below the peak load of 22,631 MW reached during winter 2004/2005.
 

However, in anticipation of potential shortages of natural gas supplies and to prepare for reliable operations during winter 2005/2006, the ISO developed a Winter 2005/2006 Action Plan that included, among other things, a number of new and enhanced procedures and activities, as follows:

· New procedures for ensuring a reliable supply of electricity during a fuel shortage 

· Solicitation of increased demand-response resources

· Market-rule changes to more closely align bidding schedules in the wholesale electricity and natural gas supply markets

· New procedures for better managing fuel constraints

· Enhanced communication and coordination procedures

A summary of ISO’s 2005/2006 winter preparedness actions and the estimated additional megawatts resulting from these initiatives are summarized in Table 4‑1 and discussed in the following sections.

Table 4‑1
ISO 2005/2006 Winter Action Plan

	Actions Taken
	Estimated MWs Added

	Modify or develop new operating/market procedures
	100-400

	Increase dual-fuel generation resources
	1,465

	Increase demand-response resources
	330

	Enhance communication and coordination
	250-500

	Implement Emergency Actions:

· Emergency imports

· Voltage reduction
	300-800

250-300


4.3.1 Modify or Develop New Operating/Market Procedures

In 2005, the ISO developed and implemented new operating procedures and market-rule changes to address the regional vulnerability of the New England gas supply to the impact of the Gulf Coast hurricanes. With input from the NEPOOL stakeholder process, several new procedures and rule changes were implemented. 

When a Cold Weather Event is declared, as per Appendix H of Market Rule 1, electricity market timelines are rolled back to enable owners of gas-fired generators to be notified of near-term reliability commitments and to accommodate their procurement and nomination of gas volumes necessary to support those commitments.
 Under these revised procedures, if a Cold Weather Event is declared, participants can now submit updates to certain aspects of their generation-resource bids to allow them to reflect, for example, operational limitations resulting from gas pipeline flow restrictions.

The ISO and its stakeholders also developed a new procedure for winter 2005/2006, Operating Procedure No. 21, Actions during an Energy Emergency (OP 21).
 OP 21 was designed to further mitigate the reliability impacts resulting from fuel-supply shortages or other abnormal system conditions associated with a prolonged “Energy Emergency.” OP 21 included procedures for the ISO to conduct fuel surveys of all generation resources in New England that use fossil fuels. An initial fuel survey (Appendix A of OP 21, Comprehensive Information) was sent to asset owners in early November 2005, targeting the compilation of information regarding fuel-supply arrangements, storage infrastructure, and inventory capability. A weekly update of the fuel survey (Appendix B of OP 21, Weekly/Daily Updates) was also implemented. This update provides weekly storage-inventory information that is used as input to the ISO’s weekly assessments of capacity and resource adequacy to ensure regional reliability. Nearly all OP 21 Appendix A fuel surveys were completed and compiled by December 1, 2005, and the first weekly (OP 21 Appendix B) fuel surveys were requested soon thereafter. 

The OP 21 FERC filing also contained changes to Market Rule 1 that allows and pays for changes in the out-of-merit posturing of generation resources (operating reserves) impacted by fuel constraints. The rule change allows the consideration of market impacts on and costs incurred by such resources for a period that extends beyond the traditional single-day settlement period. 

4.3.2 Increase Dual-Fuel Generation-Resource Capability

The Winter 2005/2006 Action Plan also promoted the conversion of single-fuel, gas-only generators to dual-fuel (liquids) capability. As part of the FERC filing, the ISO modified existing market rules and operating procedures to encourage new dual-fuel conversions. By the end of 2005, 1,465 MW of generation resources, with existing air permits to use liquid fuels, were able to install the necessary hardware/infrastructure to achieve dual-fuel operation.

4.3.3 Increase Demand Response

Another aspect of the Winter 2005/2006 Action Plan was to enroll additional demand response such that it would be available for interruption, if needed, during the winter period. For winter 2005/2006, the ISO’s sought to enroll up to an additional 450 MW of load reduction through its demand-response programs (actual enrollment was approximately 330 MW). The participation in these programs has doubled over the past two years, with approximately 500 MW of highly reliable demand-response resources currently available throughout New England, including nearly 200 MW of resources now enrolled in the Real-Time Price Response Program.

4.3.4 Enhance Communication and Coordination

The ISO also undertook the following additional efforts to support reliable winter operations:

· Reviewed all natural gas pipeline-capacity contracts for regional gas-fired generation resources 

· Due to the general increase in gas demand with lower temperatures, assessed the availability of gas-fired generation resources based on projected regional temperatures and an assessment of the likelihood that their contractual entitlements for gas transportation would be interrupted to accommodate gas deliveries under other higher-priority (firm) contracts 

· Revised the communications and contact information within the ISO’s Natural Gas Emergency Information Package
· Fine-tuned the real-time information obtained from regional natural gas pipeline’s electronic bulletin-board systems

· Briefed New England governors, key state energy policy makers and public utility commissioners, and electric utility operations personnel throughout New England prior to the winter to enhance communications and readiness. All six states took proactive measures to enhance conservation during cold-snap events.

In June 2005, ISO New England, the New York ISO (NYISO), and PJM Interconnection (PJM) agreed to collaborate to ensure electric power system reliability in the event of constraints on the natural gas supply system.
,
 These parties entered into a joint ISO/RTO Memorandum of Understanding (MOU) on Natural Gas. The aim of the MOU is to coordinate operations and practices and share information and technology during periods of extreme cold weather and/or abnormal natural gas supply or delivery conditions. As a result of this MOU, the parties formed the Northeast ISO/RTO Natural Gas and Electric Interdependency Coordination Committee (NGEICC). 

Concerns over hurricane impacts on fuel-supply chains serving the greater northeastern region also warranted NYISO and PJM to conduct analyses similar to those conducted by the ISO. The ISO assisted NYISO and PJM in extending the ISO’s hurricane assessments, as published in the October 2005 report, to include an assessment of impacts within the NYISO and PJM Control Areas. Those studies were completed in late November 2005. In early December 2005, both NYISO and PJM briefed their respective stakeholders on the findings of the hurricane report. ISO New England, NYISO, and PJM also worked to coordinate winter operations with respect to improving overall interconnected system reliability. 

In preparation for winter 2005/2006, the ISO conducted a tabletop drill on November 29, 2005, during which mock cold-weather scenarios were performed to educate regional industry representatives and officials. A number of entities participated in the drill, including the regional natural gas pipeline companies, local electric and gas distribution companies, the ISO, the five New England LCCs, all of the New England states’ public utility commissions (PUCs) and states environmental regulators, FERC, the U.S. Department of Energy, NERC, NPCC, PJM, NYISO, and the Independent Electricity System Operator (IESO) of Ontario, Canada. Subsequently, some of the New England states conducted their own detailed tabletop exercises aimed at enhancing coordination and preparedness within their respective states.

4.4 Efforts to Reduce Reliability Costs

Reliability costs are “make-whole” payments to resources whose hourly commitment and dispatch by the ISO resulted in a shortfall. The shortfall is between the resource’s offered value in the energy markets and Regulation Market and the revenue earned from output over the course of the day. Typically, this outcome is the result of an out-of-merit operation of resources committed to protect overall reliability of the system by ensuring transmission security of specific locations or of the entire control area. The ISO commits units that are out of merit in both the Day-Ahead and Real-Time Energy Markets to provide the following reliability services:

· First Contingency. Reliability costs are paid to eligible resources not providing second-contingency, voltage, or distribution requirements.
 These resources may have been providing first-contingency coverage (systemwide or locally). Cancelled start-ups are paid reliability costs if the unit was not committed for second-contingency, voltage, or distribution requirements.

· Second Contingency. Reliability costs are paid to eligible units required for reliability that are committed based on second-contingency protocols within a particular reliability region on a given day.

· Voltage Support. Reliability costs are paid to eligible resources providing voltage support to the bulk transmission system at the request of the ISO.

· Distribution or Special Constraint Resources (SCR) Support. Reliability costs are paid to eligible units dispatched at the request of a local distribution company for managing constraints on the low-voltage (distribution) system. These requirements are not modeled in the Day-Ahead Market software.
 The costs of these commitments are borne by the local distribution company making the request.

Reliability-based improvements to the transmission system can help mitigate or even eliminate the need to run generation resources out-of-merit to provide needed ancillary services, thereby providing a more efficient operation of the system over the long term. In some cases, where transmission improvements may not be sufficient, new fast-response resources (i.e., fast-start generation or demand-response resources) may be needed as well.

During 2005, the ISO and participants implemented an action plan to reduce daily reliability costs by upgrading the transmission system and changing the market rules for market mitigation in constrained areas. These changes began to reduce daily reliability costs in the fourth quarter of 2005, and this trend has continued into 2006. Table 4‑2 summarizes the actions taken in 2005 to reduce reliability costs.

Table 4‑2
Actions to Mitigate Reliability Costs in 2005

	Actions Taken
	Completion Date

	Voltage Reliability Cost Reduction

	Developed and implemented a comprehensive reactive-optimization plan for eastern New England(a)
	Second quarter

	Installed a new 345 kV shunt reactor in NEMA/Boston [N. Cambridge Substation, 160 megavolt-ampere reactive (MVAR)](b)
	Third quarter

	Second-Contingency Reliability Cost Reduction

	Developed new Reliability Agreement mitigation rules 
	Second quarter

	Developed a new Day-Ahead Energy Market commitment plan for second-contingency units
	Second quarter


(a)  During 2005, the ISO and the New England TOs took steps to improve voltage operating constraints and transfer limits into constrained areas. In May 2005, the ISO implemented a new internal procedure (the Boston Area Operating Guide) to capture recent reactive-limit improvements in the Boston area and to ensure the consistent assessment of operational conditions and commitment of units for first and second contingencies and for voltage control.

(b)MVAR is a unit of measure for reactive power, the “wattless” component of electricity (voltage times current). This component maintains the proper level of voltage in transmission lines to drive the “real power” (MW) to the end user. 

By the end of 2005, the ISO’s efforts to implement measures to reduce reliability costs were paying off. As the new reactive compensation equipment was put on line in the NEMA area, out-of-merit costs due to voltage control were immediately reduced. Total day-ahead and real-time reliability costs for voltage support were reduced 77%, from $61.6 million in the first six months of 2005 to $13.7 million in the last six months of the year. Average monthly day-ahead and real-time reliability costs for all categories of reliability costs in 2005 were $24 million. For the first two months of 2006, average monthly day-ahead and real-time reliability costs for all categories of these costs were $11 million.
 In the long run, daily reliability costs are expected to decrease with the implementation of Phase II of the Ancillary Services Market project (ASM II), the introduction of a forward-capacity market (FCM), and the completion of significant transmission system upgrades.
 

4.5 Implementation of Procedures during Critical Power System Events

During periods of abnormal operating conditions or during system capacity deficiencies, the ISO implements certain procedures including OP 4 and Master/Local Control Center Procedure No. 2, Abnormal Conditions Alert (M/LCC 2).
 

The ISO implemented various actions of OP 4 on three occasions in 2005:

· On August 13 and October 25, the ISO declared OP 4 due to a systemwide capacity deficiency.

· On July 27, the ISO declared OP 4 in Connecticut only for a localized capacity deficiency.

The ISO also implemented M/LCC 2 on 12 occasions in 2005, twice systemwide and 10 times within local subareas of New England.

During these critical power system events, the ISO maintained first-contingency protection of the bulk power system and system reliability with no loss of load to New England customers. 
Table 4‑3
 summarizes the ISO’s implementation of M/LCC 2 and OP 4 in 2005. 

Table 4‑3
Implementation of M/LCC 2 and OP 4 in 2005

	Date/Time Implemented
	Date/Time Cancelled
	Procedure(s) Implemented
	OP 4 Actions
	Notes

	February 27
@ 13:30
	March 1
@ 20:00
	M/LCC 2
(CT only)
	
	Card-to-Sherman-Road 345 kV line and Card Street transformer out of service (OOS) resulted in a Connecticut capacity deficiency.

	March 18

@ 07:30
	March 18
@ 23:30
	M/LCC 2
(CT only)
	
	Two 345 kV lines within Connecticut OOS resulted in a Connecticut capacity deficiency.

	June 8
@ 13:15
	June 8
@ 17:30
	M/LCC 2
(NEMA only)
	
	Tewksbury-to-Woburn 345 kV line and Salem Harbor Generation OOS resulted in a NEMA/Boston capacity deficiency.

	June 27
@ 07:00
	June 27
@ 11:45
	M/LCC 2
(VT only)
	
	Comerford-to-Granite 230 kV line OOS resulted in a Vermont capacity deficiency.

	June 28
@ 05:00
	June 28
@ 24:00
	M/LCC 2
(CT only)
	
	Southington-to-Frost Bridge 345 kV line OOS resulted in a Southwest Connecticut capacity deficiency.

	July 19
@ 14:00
	July 22
@ 22:30
	M/LCC 2
(W. MA only)
	
	Two key generators within western Massachusetts OOS resulted in a western Massachusetts capacity deficiency.

	July 26
@ 10:00
	July 27
@ 18:30
	M/LCC 2
(CT only)
	
	One generator OOS and a significant reduction in capability on a second generator within Southwest Connecticut resulted in a Southwest Connecticut capacity deficiency.

	July 27
@ 12:41
	July 27
@ 18:30
	OP 4
(CT only)
	1, 2, 3, 4, 5, 7, 8, 9, 10, and
12 (no voltage reduction)
	New all-time New England peak (26,885 MW) occurred on this day. Record Southwest Connecticut peak-load conditions resulted in areawide transmission facility constraints.

	August 8
@ 06:00
	August 11
@ 23:00
	M/LCC 2
(NEMA only)
	
	High NEMA/Boston generator unavailability and unit reductions resulted in a NEMA/Boston capacity deficiency.

	August 13
@ 16:15
	August 13
@ 19:00
	M/LCC 2
and OP 4
(systemwide)
	1 and 6
	Higher-than-expected loads coupled with high generator unavailability resulted in a systemwide capacity deficiency.

	September 13
@ 09:30
	September 14
@ 21:30
	M/LCC 2

(CT only)
	
	Higher-than-expected loads coupled with high eastern Connecticut generator unavailability resulted in an eastern Connecticut capacity deficiency.

	October 25
@ 17:50
	October 25
@ 20:00
	M/LCC 2
and OP 4
(systemwide)
	1, 6, and 11
	Higher-than-expected generator unavailability and unit reductions coupled with reduced system imports resulted in a systemwide capacity deficiency.

	December 1
@ 15:15
	December 1
@ 22:00
	M/LCC 2
(CT only)
	
	Millstone Unit #3 OOS resulted in a Connecticut capacity deficiency.


Figure 4‑4 provides a graphic overview of the system conditions during the peak-load hour on July 27, 2005. The graph shows the following:

· The actual megawatts and direction of flow on the major New England transmission interfaces, highlighted in black  

· The actual megawatt operating limits for the major New England transmission interfaces, highlighted in red (99999 indicates that there is no operating limit on that interface in that direction)

· The percentage that select key heavily loaded major New England transmission interfaces were loaded
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Figure 4‑4: System conditions on the day of the all-time system-peak load, July 27, 2005.

Voltage performance is also a key indicator of overall system reliability. The ISO’s Supervisory Control and Data Acquisition (SCADA) systems allow the monitoring of the real-time New England voltage profile. Voltages are measured in per unit (PU) where 1.0 PU indicates voltage at rated capability, (e.g., 345 kV). Voltages greater than 1.0 PU are higher than rated voltage; voltages less than 1.0 PU are lower than rated voltages. During peak-load conditions, voltages at or higher than 1.0 PU are desirable, and voltages less than 1.0 PU are problematic to the reliable operation of the system. Figure 4‑5 illustrates the voltage profile for the July 27, 2005, peak-load hour. This figure shows that the voltage performance of the New England system was generally within limits.
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Figure 4‑5: Voltage profile on the day of the all-time system-peak load, July 27, 2005.

4.6 Operational Challenges within Specific Areas in 2005

The ISO faced a variety of operational challenges in 2005 within specific areas of Connecticut, Massachusetts, and northern New England (NNE). The ISO addressed each of these challenges to ensure that the New England bulk power system operated reliably. The following subsections outline these operational issues and describe a number of current and future projects considered to be critical for enhancing the ISO’s ability to reliably operate the New England bulk power system.

4.6.1 Operational Challenges in Connecticut, Including Southwest Connecticut

The State of Connecticut comprises roughly 28% of the total New England load, with Southwest Connecticut accounting for about 50% of the Connecticut total. The magnitude of demand in Connecticut relative to the area’s internal generating resources (which are limited in terms of operational flexibility and relatively expensive) results in a strong dependency on the transmission system to maintain reliability.

4.6.1.1 Reliability Costs in Connecticut

Weakness in the underlying transmission system and the lack of fast-response resources in the Connecticut area necessitated frequent out-of-merit commitment of generation resources in that area during 2005. These weaknesses include import constraints, frequent transfer constraints between subareas, and overall insufficient transmission capacity in Connecticut.  This situation was especially critical over the high-load summer months.

4.6.1.2 Construction Projects in Connecticut

Several recent Connecticut and Southwest Connecticut transmission reinforcements have resulted in an overall increase in the capacity of the transmission system. These reinforcements, as described below, were critical to the ISO’s ability to reliably meet the electricity demands of consumers, as New England experienced a number of all-time peak-load conditions during the summer months of 2005:

· Shunt Capacitors and Dynamic Voltage-Control Devices. Shunt capacitors and dynamic voltage-control devices were recently installed at critical transmission substations as well as at the distribution level. The net impact of these additions was an increase of approximately 300 MW in the ISO’s ability to import electricity into the Connecticut area (which is roughly equivalent to the net resource capacity of an additional modern combined-cycle generation station).

· Breaker Addition and Circuit Reconfiguration. A 345 kV breaker addition and circuit reconfigurations at Long Mountain Substation have significantly improved the reliability of the transmission system serving the western tier of Connecticut and Southwest Connecticut. This project has decreased the probability of the simultaneous loss of three 345 kV transmission circuits due to a single (or first) contingency with a stuck breaker.
 

· Reactor Addition and Circuit Reconfiguration. New England–New York transfer capability has been limited by transmission constraints within Connecticut, particularly in the southwestern Connecticut area. The installation of series reactors on two critical 115 kV circuits between the Southington and Frost Bridge Stations enhanced the transfer capability in this region in 2005 and will improve the reliability in Southwest Connecticut. It will also positively influence the ability of New York and New England to reliably accommodate market transactions and enhance their ability to provide emergency assistance to each other in times of need.

· Southwest Connecticut Transmission Upgrade. During the 2004/2005 period, The United Illuminating Company and Northeast Utilities System Companies obtained approval from the Connecticut Siting Council to complete the Phase I and Phase II Southwest Connecticut upgrades. These projects will significantly benefit the reliability of the entire bulk power system in New England. The in-service date of the Phase I project is December 2006. 

The Phase I project will be followed by the Glenbrook Cables Project (two 115 kV Norwalk–Glenbrook cables), which is scheduled to be in service in 2008. This will ultimately be followed by the more expansive Phase II (Norwalk–Middletown) project to be completed in 2009. The culmination of the project will be a 345 kV loop of bulk transmission facilities serving the entire Southwest Connecticut area. Phase II siting was approved in April 2005.

4.6.2 Operational Challenges in Northeast Massachusetts, including Boston

Although significant progress was made in 2005 to site and construct transmission enhancements in the NEMA load pocket, the ISO was required to commit out-of-merit generation resources to provide voltage support in this area. 

4.6.2.1 Reliability Costs in NEMA

Under peak-load conditions, weakness in the underlying transmission system and the lack of fast-response resources in the NEMA/Boston area necessitated frequent out-of-merit commitment of resources in that area during 2005. Out-of-merit commitment of resources was also needed during periods of light load, when high-voltage conditions occurred due to excessive transmission cable charging coupled with the lack of reactive resources to compensate for such conditions. Over the course of the year, line outages and interdependencies between generation resources and the transmission system required frequent commitment of out-of-merit resources for covering first- and second-contingency conditions.

In September 2005, to compensate for the reactive power of the transmission cables during periods of light load, NSTAR (an investor-owned utility located in Massachusetts) completed the installation of a 345 kV, 70 to 160 MVAR regulating shunt reactor at North Cambridge Station. The reactor addition reduced the need to de-energize 345 kV cables, commit out-of-merit local resources, or a combination of both to control voltage in that area. This improvement, combined with the resultant changes to the Boston Area Operating Guides, decreased unit commitments for voltage control in the NEMA/Boston area.

4.6.2.2 Mystic Station Common-Mode Failure Issues

Mystic Units 8 and 9, each 800 MW, are fueled by liquified natural gas (LNG). Unit design issues, coupled with fuel delivery issues, can lead to the simultaneous trip of both units. The simultaneous loss of both units when their combined output exceeds 1,200 MW can represent an unacceptable risk for the Eastern Interconnection, thereby forcing the ISO to restrict generator output of these units for a significant number of hours.
 The ISO, the station owner (Boston Generation Company), and their LNG supplier (DistriGas) are working together to determine whether these design and supply issues can be resolved to eliminate these restrictions.

4.6.2.3 Construction Projects in NEMA

Two transmission reinforcements in the NEMA area are expected to increase the overall capacity of the transmission system, further bolster the NEMA transmission system, and improve import and voltage-support capability.

The Salem Harbor/Ward Hill Transmission Upgrade. The Salem Harbor/Ward Hill project is a major upgrade to the transmission system serving the northeastern Massachusetts area. The project will help improve reliability in the area north of Boston and reduce the area's dependence on generators at Salem Harbor. In conjunction with the NSTAR Reliability expansion project (see below), this upgrade will increase the ability of the transmission system to serve load in the entire metropolitan area and decrease dependence on local generation resources.

The Massachusetts Department of Telecommunications and Energy (DTE) approved the siting plan and ordered a zoning exemption in March 2005 allowing the project to proceed. Central to this project, now underway, is the addition of equipment at Ward Hill Substation. This project will substantially increase the ability of the substation to transform power from the 345 kV system to the 115 kV system and will increase the ability of the 115 kV system to serve load in the area. This transmission project required significant outages of the already marginal transmission system and critical local generation at Salem Harbor. This required a complex and challenging coordination effort on the part of the ISO, the transmission company, National Grid, and the generation company, Dominion.

The NSTAR Reliability Expansion Project. In January 2005, the DTE’s Energy Facilities Siting Board (EFSB) approved NSTAR’s application to construct a reliability-expansion project, which will be built in two phases. This project is expected to improve New England reliability by addressing transmission concerns in the Boston area and increasing the Boston import limit from 3,600 MW to approximately 4,500 MW (with the completion of Phase I of the project) and to 4,800 MW (with the completion of Phase II of the project).
 

Construction on this project began in 2005. Phase I involves building a new 345 kV station at Stoughton between the Holbrook and West Walpole 345 kV stations. Two underground 345 kV cables will be built connecting the new Stoughton station with the NEMA/Boston load area. The cables will connect to the Hyde Park and K Street stations with transformation down to the 115 kV line. Phase I will also include the installation of four 70 to 160 MVAR shunt reactors, three at the Stoughton station and one at the K Street station. Each reactor will feature a 70 MVAR fixed component and a 90 MVAR variable capability.

During Phase II, scheduled for service by summer 2008, a third underground 345 kV cable will be installed that will parallel the Stoughton-to-K Street cable, a fourth 70 to 160 MVAR shunt reactor will be installed at the Stoughton station, and a second 70 to 160 MVAR reactor will be installed at the K Street station.

Studies are currently being conducted to update the operating limits, guides, and software to reliably operate the system with the new Phase I facilities in service for meeting the challenges of incorporating this project into the day-ahead planning and real-time operations of the New England power system. Preliminary results indicate that the import capability of the NEMA/Boston area will increase by several hundred megawatts. Further increases are expected when the longer-term Phase II is complete.

In addition to studies of the NEMA/Boston area’s import capability, which are based on system thermal performance, voltage/reactive studies are being performed. These studies will define the operational impacts of the new 345 kV cable circuits and their associated 70 to 160 MVAR shunt reactors. These studies are also investigating whether there may be possible impacts on established light-load operating guides for the Boston area and whether a separate operating guide may be warranted for the Phase I facilities.

Study work is also progressing to analyze the impact of a new 70 to 160 MVAR shunt reactor being installed at the Lexington 345 kV station. This project is separate from the Phase I facilities. The installation of the Lexington reactor will further expand the fleet of reactors in the Boston area and facilitate operations to control high voltages during light-load conditions.

4.6.3 Operational Challenges in Northern New England

The ISO has identified transmission system infrastructure issues in northern New England. The relatively weak transmission system in northern Vermont has proven problematic in serving local load. Interface constraints in Maine have resulted in locked-in generation in that state. Several projects are underway designed to address these issues.

4.6.3.1 System Issues in Vermont

In the last few years, the load in Vermont, especially in the northwest corner of the state, has grown rapidly. The aging Vermont transmission system has become vulnerable to transmission outages that could result in unacceptable voltage and thermal performance. The security of the northwestern Vermont area can be severely impacted by the outage of any one of four 115 kV transmission circuits supplying power to the area or the loss of the Highgate high-voltage direct-current (HVDC) converter, which imports power from Quebec. Operations during periods of heavy load can require the commitment of out-of-rate generators. Forced outages during these conditions are especially difficult. System studies show that if one of these facilities were out of service, the loss of another critical element could cause thermal overloads, low voltages, or both, including possible voltage collapse, which would impact much of Vermont. 

Another transmission reinforcement project, the Northwest Vermont Reliability Project (NRP), is expected to increase the overall capacity and reliability of the transmission system by improving the area’s ability to serve load and transmit power to other regions. The project was developed to relieve transmission constraints in Northwest Vermont, and provide an adequate and reliable transmission network for supplying electricity to the State of Vermont. The NRP will shore up the 115 kV transmission paths serving Northwest Vermont while also enhancing load-serving capabilities along these routes. Project work will include the installation of new 345 kV and 115 kV circuits, transformers spanning voltage levels from 345 kV to 13.2 kV, circuit breakers at numerous substations, shunt capacitors and reactors, synchronous condensers, and phase-angle regulating transformers. The installation of this equipment will dramatically enhance the overall Vermont transmission system and increase transfer capability to the northwestern Vermont area. 

Conditional siting approval for the NRP was received in January 2005, and some portions of the project have already been installed. In 2005, a new 115 kV breaker was installed at the Essex substation to mitigate a breaker failure scenario that could trip a major dynamic reactive resource [the Essex static compensator (STATCOM)] along with a critical 115 kV transmission circuit. Also in 2005, four 115 kV breakers were installed at the Hartford substation along with a new 115 kV capacitor. The breakers will electrically separate two 115/46 kV transformers connected to the same 115 kV circuit so that a single contingency will not trip both transformers. It will instead leave one in service to maintain customer load. The 115 kV capacitor was installed to enhance transmission and customer voltages in Vermont and New Hampshire.

As the NRP continues and more complex changes are made to the Vermont transmission system, the challenge of incorporating the NRP into day-ahead planning and real-time power system operations will grow. System operations staff at the ISO and the VELCO LCC will conduct studies to update operating limits, guides, and related software to reflect the benefits of the NRP and maintain reliable operation of the Vermont transmission system.

4.6.3.2 Locked-in Generation Resources in Maine Due to Orrington–South Limitations

The load in Maine accounts for approximately 9% of New England’s total electric energy requirements and about 7.5% of its summer peak demand, yet Maine contains almost 11% of New England’s installed capacity (3,200 MW out of 30,050 MW).

The output of Maine generators is sometimes constrained by export limitations to the south and west. When constrained, the Orrington–South, Surowiec–South, Maine–New Hampshire, Northern New England–Scobie + 394 line, Seabrook–South, and North–South transmission interfaces are indicative of Maine export limitations.

One or more of these interfaces was constrained about 10.5% of the real-time hours during 2005. These binding constraints occurred during the on-peak periods about 6% of the time, while off-peak constraints occurred in about 4.5% of all hours. The Orrington–South interface was binding twice as often as the Northern New England–Scobie + 394-line interface. Both of these constraints together represented 75% of all of Maine’s export-constrained hours in 2005. 

Historically, 345 kV transmission contingencies in northern Maine have posed a threat to the underlying 115 kV transmission system in the vicinity of Bangor, Maine. To relieve these concerns, special protection systems (SPS) were installed, which the ISO now relies on in the daily operation of the system. Despite changes made to the SPS, the installation of merchant generators in the vicinity of Bangor have reduced the effectiveness of the SPS, creating certain operating conditions under which the SPS is unable to respond when needed. During such times, operators must deviate from the economic (desired) dispatch of generators to ensure reliable operations.

The ISO has identified the Orrington–South transmission interface as a facility critical to the reliable operation of the northern Maine area. The ISO has also developed a corresponding operating guide. The guide accounts for all conditions the SPS operation will not mitigate and broadens the operator’s ability to understand the area’s vulnerability and intervene in a timely manner.

The existing SPS utilizes overcurrent relays to sense post-contingency system conditions. Since the merchant plant additions limited the comprehensive scope of this approach, Central Maine Power Company proposed to install a new SPS that will use high-speed communications. This new SPS will sense both the actual power transfer on the Orrington–South transmission interface and the occurrence of the limiting contingencies. Based on that information, it will automatically take the necessary remedial actions. Designing the specific hardware and obtaining the necessary permits will take place in 2006. The new SPS will be installed in 2007.

4.6.3.3 Northeast Reliability Interconnection to New Brunswick

A new transmission line that will provide an additional interconnection to New Brunswick, the Northeast Reliability Interconnection (NRI), is the focus of a construction project in Maine. Like the NRP, this project will improve reliability in northern New England by enhancing the transmission infrastructure. The NRI is expected to strengthen the stability of the Maine region and increase the ability of the interface to transfer power between the regions.

In 2005, progress was made on getting the Northeast Reliability Interconnection project launched. The NRI project is expected to improve New England reliability by improving inter-area transfer capability and eliminating various protection/stability concerns in the northern Maine area. Historically, a generic SPS has constrained stability-transfer capabilities on transmission interfaces stretching from Maine to Massachusetts. It has also required the installation of high-speed relaying on lower-voltage transmission circuits as far south as southeastern New England.

Siting has been approved for the Canadian section of line. In July 2005, the Maine Public Utility Commission approved and issued a Certificate of Public Convenience and Necessity for the Maine section of line. The U.S. Department of Energy (DOE) completed its review process in December 2005, and the U.S. Army Corps of Engineers granted its permit in the same month.

To increase power-transfer capabilities between New England and the Canadian Maritimes, the NRI project prescribes the installation of the following new transmission facilities:

· A second 345 kV interconnection from Point Lepreau Station in New Brunswick to Orrington Station in Maine

· A new SPS in New Brunswick to protect for loss of either 345 kV tie line

· Series compensation on the existing Orrington–Maxcy’s 345 kV line

· 60 MVAR of shunt capacitors in western Maine

The NRI project, slated for completion at the end of 2007, is expected to increase inter-area transfer capabilities by roughly 300 MW. But the benefits of this project go far beyond this increase in transfer capability. One such benefit is that it will eliminate the need for the old SPS in New Brunswick during typical “all-lines-in” operating conditions. The new 345 kV tie line and series compensation will also bring the Maritimes and New England systems electrically closer together, improving their overall transient-stability performance.

The NRI project presents ISO Operations with one of its biggest near-term challenges in terms of the study effort required to define and incorporate the project’s benefits into operating guides and limits. A joint studies group, comprised of representatives from the ISO, New Brunswick, Central Maine Power, Bangor Hydro-Electric Company, Northeast Utilities, and the Maine and New Hampshire LCCs, will be formed and will begin work in summer 2006. The group will need to conduct complex stability analyses for no less than eight major transmission interfaces and investigate possible secondary effects on several other major transmission interfaces. It will also need to re-evaluate stability limits for roughly 25 “line-out” and 15 “breaker-out” conditions. Other tasks will be to revise existing operating guides and limits for power transfers from New England to the Maritimes and voltage/reactive operations in Northern New England during heavy and light-load conditions. A new operating guide is needed to help avoid subsynchronous resonance of the Wyman 4 generator during certain operating conditions. The group will also revisit special protection systems in northern Maine to determine whether they warrant modification or elimination. 

4.7 Reserve Replacements—Days When Replacement Reserves Needed
to Be Committed

In addition to the 10-minute and 30-minute reserve generation resources the ISO must maintain to ensure reliability, under certain circumstances, the ISO commits additional resources for replacement reserve. This reserve capability is needed to meet the New England Control Area’s total reserve requirements to account for limited tie capability, uncertain operating conditions, or periods where forecast error may be more of a concern than normal. The ISO commits replacement reserve when assessing the adequacy of day-ahead reliability. In real time, the ISO will allow replacement reserve to reach zero. The ISO has had to rely on replacement reserves due to the limited ability of baseload units to come on quickly. Table 4‑4 shows the number of days per month in 2005 during which replacement reserves needed to be committed.

Table 4‑4
Number of Days in 2005 during Which Replacement
Reserves Needed to Be Committed

	Month
	Number of Days

	January
	4

	February
	1

	March
	6

	April
	5

	May
	0

	June
	3

	July
	1

	August
	1

	September
	2

	October
	9

	November
	11

	December
	10

	Total
	53


4.8 ISO Compliance with Reliability Standards

The NERC Control Performance Standard (CPS), BAL-001-0, Real Power Balancing Control Performance, is designed to maintain interconnection steady-state frequency within defined limits by balancing real power demand and supply in real-time.
 These NERC standards are as follows:

· Requirement R 1 (Control Performance Standard 1 or CPS 1). This NERC standard pertains to the contribution by individual balancing areas to deviations from standard interconnection frequency. CPS 1 is a measure of the long-term average contribution of a control area/balancing authority to the deviation of system frequency from the schedule. NERC requires that each balancing authority operate such that, on a rolling 12-month basis, its contribution to deviations from the standard interconnection frequency is within an established limit. The limit for this standard requires that CPS 1 always be greater than or equal to 100% for each month.

· Requirement R 2 (Control Performance Standard 2 or CPS 2). This NERC standard pertains to limiting area control-error (ACE) fluctuation to within certain limits to maintain not only acceptable frequency bounds but also acceptable amounts of net unscheduled power flow into or out of a control area. NERC requires each balancing authority to operate such that its average ACE for at least 90% of the 10-minute periods (six nonoverlapping periods per hour) during a calendar month must be within a specific limit, referred to as L10. The limit for this standard requires that CPS 2 always be greater than or equal to 90% for each month.

CPS 2 is the more constraining of these two criteria and relates directly to the market-based regulation requirements within New England. Therefore, the ISO’s corporate goal is to maintain CPS 2 between 92% and 97%. These more restrictive requirements are intended to ensure that the NERC CPS 2 standard (greater then 90%) is always met, while making sure that the Regulation Market is not overutilized (i.e., by not exceeding 97%), which could result in unnecessarily higher operating costs. New England has also implemented an ACE Diversity Interchange Project with other NPCC control areas to maximize inter-area efficiencies in meeting CPS requirements.

The NERC Control Performance Standard, BAL-002-0, Disturbance Control Performance, is designed to ensure that ACE is returned to zero (or to its predisturbance level) quickly following the start of a reportable event.
 This NERC Disturbance Control Standard (DCS) requires a balancing authority or reserve-sharing group to calculate and report compliance with the DCS for all disturbances greater than or equal to 80% of the magnitude of the balancing authority’s or of the reserve-sharing group’s most severe single-contingency loss. To be 100% compliant with the DCS requirement, the ACE must be returned to zero (or to its predisturbance level) within 15 minutes following the start of a reportable event.

Although the current DCS definition at the NERC level defines a reportable loss as a loss greater than or equal to 80% of the magnitude of the first contingency, the ISO’s corporate goal for New England is based on a more strict definition of a reportable loss, which is a loss of 500 MW or greater.

Table 4‑5 reflects the ISO’s performance with regard to these three NERC standards.

Table 4‑5
ISO New England Compliance with Certain NERC Standards in 2005

	NERC Standard
	NERC Requirement
(greater than or equal to)
	ISO Performance in 2005

	BAL-001-0 – CPS1
	100%
	For each month of 2005, the ISO’s 12-month rolling average CPS 1 value for New England was about 150%.

	BAL-001-0 – CPS2
	90%
	Throughout 2005, the ISO’s CPS 2 values for New England have remained between 92% and 97%.

	BAL-002-0 – DCS
	80%
	In 2005, the ISO was 100% compliant with the DCS recovery time of 15 minutes during 22 events.


The status of ISO’s compliance with other regional and national reliability requirements is detailed in Appendix C. Appendix C also contains a summary of audits the ISO performs on generation resources and transmission facilities to ensure they perform according to specifications. The ISO practices and procedures are subject to audits by regional and national organizations, independent auditors, and its own staff. These audits verify compliance with local, regional, and national standards.

4.9 Shared Activation of Reserves

The ISO, IESO, NYISO, PJM, and the Canadian Maritime provinces have a shared activation of reserve (SAR) arrangement.
 For this arrangement, when one control area experiences a system contingency and requests assistance, the other participating control areas can cover 50% of the contingency, making recovery quicker and more efficient. For example, if New England experiences the loss of a 1,200 MW generator and requests an SAR, the ISO will be responsible for recovering 600 MW, and each of the other three participating control areas will be responsible for providing 200 MW of recovery through interchange.

In 2005, New England had 22 reportable events in which the New England Control Area was the area experiencing the system contingency. The ISO recovered from three of these events independently using New England resources and used the SAR arrangement for 19 of these events. Additionally, the ISO provided recovery assistance on 34 occasions in 2005 to respond to other participating control areas that had experienced contingencies and requested SAR arrangement assistance.

4.10 Interconnection Reliability Operating-Limit and System Operating-Limit Events

The ISO’s continuous monitoring of the bulk power system ensures that New England remains within acceptable stability, voltage, and thermal limits. As a result of this effort, in all cases during 2005, when a system operating limit (SOL) or interconnection reliability operating limit (IROL) on an internal import-constrained interface was exceeded, the system was restored as soon as possible and within the required time (30 minutes), except on one occasion. For this occasion, the system was restored after the 30-minute requirement, which is considered an event that must be reported to NERC. The details of this event and the ISO’s follow-up actions are provided below.

The ISO had one operating security-limit violation in 2005 involving Connecticut east-west flows under contingency conditions. On March 17, 2005, the power system within the State of Connecticut was being operated with the planned outage of a major transmission circuit comprised of the 345 kV line from the Montville to Haddam Neck station (364 line) and one of two 345/115 kV transformers at the Montville station. The work being done on this circuit was considerable, replacing disconnects and coupling capacitor voltage transformers (CCVTs) and wave traps at both terminal stations. Because of the complexity of the outage, the work could not be interrupted, and the facilities could not be restored in a timely fashion.

As required by reliability criteria, the ISO was operating the power system such that the occurrence of any system contingency could be reliably sustained. At 20:03, a system contingency occurred when another major transmission circuit in Connecticut, comprised of a 345 kV line extending from Manchester to Scovill Rock Station (353 line) and one of three 345/115 kV transformers at Manchester, tripped open due to a failed conductor splice. Consistent with the contingency protection ISO System Operations was providing, the contingency did not produce any circuit overloads, low voltages, or instabilities.

A second step of reliability criteria requires that following a system contingency, the ISO take actions within 30 minutes to restore coverage for a next (or second) contingency. Preliminary indications were that this second step was not achieved. As required, the ISO sent a “NERC Operating Security Limit and Preliminary Disturbance Report” on the event to NERC. 

After-the-fact analysis shows that following the loss of the Manchester–Scovill Rock 345 kV circuit, the ISO established protection for the most severe second contingency in 69 minutes. Also, the potential consequences of the second contingency, if it had occurred before adequate recovery from the first contingency and assuming no operator response occurred to arrest the event, could have included a severe adverse impact on the bulk power system. Consequently, this “delayed-recovery” event was classified as an IROL violation as opposed to a SOL violation.

In response to the IROL event in 2005, the ISO identified corrective actions, modified procedures, and began to develop leading indicators for IROL and SOL violations. The ISO’s follow-up actions were as follows:

· System Operations Management created a two-day mandatory training program for all control room staff. The training incorporated specific topics to address all findings from the event, including the following:  

· A review of the event specifics and final report to best understand the new western Connecticut import interface and the control characteristics of actions available to relieve constraints on this interface 

· A review of all of the applicable policies and procedures to ensure understanding of the actions required when SOLs occur

· A review of the systems, tools, and methods that must be considered in such events to ensure that response is within requirements 

· A review of the concept of inertia on the power system and how the power flow application can be affected 

· A review via replay of the actual event using the training simulator to better understand exactly what transpired

· A simulation of the event using the training simulator where the staff applied aspects of the two-day training to successfully re-prepare the New England bulk power system within 30 minutes following the event

· Transmission-maintenance scheduling practices were revisited to identify and prioritize potential equipment problems or limitations. This allowed repairs to be accomplished ahead of the spring and fall transmission-maintenance periods and reduced the exposure of failures during major transmission outages. The ISO coordinated with local control centers and transmission owners to enhance the exchange of critical information regarding the status of transmission elements. This effort improved the recognition of any increased risk due to a failure of critical transmission components in the transmission-outage scheduling process and in real-time security analysis.

· A western Connecticut import interface for second-contingency protection was developed, which allows system operators and support staff to recognize commitment requirements and real-time actions for preparing the system before it experiences a first contingency.

· The ISO reinforced the requirement to follow dispatch instructions with generator operators through a training initiative with participants. ISO system operators regularly monitor the compliance of generation resources with ISO dispatch instructions and contacts participants that have failed to follow instructions whenever nonperformance occurs in real-time.

Section 5 
Transmission Equipment Outage Coordination in 2005

The ISO is responsible for working with the New England transmission owners and local control centers to schedule and coordinate transmission and generation-equipment outages to maintain reliability and reduce congestion costs. In 2005, the ISO, in conjunction with the New England transmission owners, developed a new transmission equipment outage-scheduling procedure. This section includes a description and assessment of the ISO’s efforts to schedule and coordinate transmission equipment outages in 2005. 

5.1 Overview of Transmission Equipment Outage Coordination in 2005

Among the ISO’s responsibilities are the scheduling and coordination of transmission equipment outages (i.e., when equipment is out of service). ISO Operating Procedure No. 3, Transmission Outage Scheduling (OP 3), classifies outages into one of three general categories—planned, unplanned, or cancelled.
 A planned outage is when equipment is taken out of service to conduct routine maintenance or to accommodate new construction, and the request for the outage is submitted within the timeframes established by OP 3 for planned outages. An unplanned outage is when equipment is forced out of operation due to a problem that was discovered, and the request for the outage did not meet the timing requirements for it to be considered a planned outage.
 A cancelled outage is one that was requested (planned or unplanned) but ultimately not taken. The duration of an outage can vary from 15 minutes to several weeks or months, and it can be continuous or intermittent. Due to the urgency of unplanned equipment-outage requests, these requests receive a higher scheduling priority than requests for planned equipment outages. 

The ISO coordinates outages in accordance with the TOAs that define the ISO’s authority to direct the operation of transmission facilities in the region.
 The ISO has entered into the TOAs and coordinates the outages with New England transmission owners and local control centers. The ISO also operates in accordance with FERC Order 2000, regional and national reliability standards, and ISO operating documents.
 Appendix A contains more information on the TOAs. Appendix D includes more details on the outage-coordination processes. 

This report documents the ISO’s compliance with certain provisions of the TOAs that require the ISO to annually assess its efforts to coordinate transmission equipment outages. For example, Section 3.08(c) of the ISO’s TOA with the New England Participating Transmission Owners (PTOs) states that the ISO shall prepare and issue annual public reports on the scheduling and coordination of transmission outages.
 This TOA section also states that the ISO’s annual outage-coordination report shall accomplish the following:

· Assess the accuracy of the ISO’s estimation of congestion cost impacts and the inputs used in such estimation

· Assess any long-term impacts of the ISO’s rescheduling of transmission-maintenance outages

· Provide information to the New England TOs that will allow them to identify opportunities for improving outage coordination, reducing congestion costs, or increasing operational flexibility

During 2005, the ISO and TOs formed the Transmission Outage Coordination Working Group (TOCWG) to monitor and improve the coordination and scheduling of transmission equipment outages. A process was implemented in 2005 that resulted in the following:

· The use of a more robust approach to planning and project management for coordinating transmission outages with the TOs at the TO level

· The more timely and effective transmittal of transmission equipment outage information by the ISO outage-scheduling group to the day-ahead market group

· Improved operational efficiency of the entire New England bulk power system

In addition to the efforts of the TOCWG, the senior leadership of the ISO and the New England TOs met quarterly to monitor progress made in coordinating transmission equipment outages and provide direction and feedback to operating engineers and TOCWG members.

Through this transmission equipment outage-scheduling and coordination procedure, the ISO, TOs, and LCCs processed and managed over 4,800 transmission equipment outages, a 19% increase over the number of outages processed in 2004. This increase was attributable to two major factors. First, the New England TOs began an aggressive effort to construct transmission upgrades on the system, which resulted in a corresponding increase in transmission equipment outages to accommodate the construction. Second, changes to OP 3 required additional categories of transmission equipment to go through the formal process to apply for the coordination of transmission equipment outages.
  The ISO anticipates a continuing increase in the number of transmission equipment outage applications submitted over the next few years as transmission facilities currently under construction become operational. As the ISO and TOs continue to improve the outage-scheduling tools and process to coordinate transmission equipment outages, they expect increased activity in the long-term outage process. This process is an equipment outage request submitted to the ISO up to 12 months, but no fewer than 21 days, in advance. See Appendix D for additional details. 

In the long-term process and in coordination with the TOs and LCCs, the ISO routinely reschedules transmission equipment and generator outages as necessary to ensure the continued reliable operation of the New England bulk transmission system. The ISO also coordinates transmission equipment outages with generator outages to minimize congestion and reduce overall costs to New England consumers, send the proper signals to the Financial Transmission Rights (FTR) Market, and minimize conditions that would impede the ability of generators to participate in the wholesale electricity markets.
 In addition, for long-term outage coordination, the ISO identifies transmission equipment outages that, if rescheduled, could reduce congestion. During 2005, using the current and best estimates of network topology, load forecasts, and historical bidding patterns, the ISO identified 28 major transmission equipment outages that could be rescheduled to significantly reduce congestion costs. The ISO has estimated that the rescheduling of these 28 transmission equipment outages to protect reliability and minimize congestion costs has saved New England consumers in excess of $30 million in 2005.
5.2 Results and Discussion

This section provides an overview of the impacts that transmission equipment outages can have on congestion. It also summarizes how the ISO has met its obligations under Section 3.08(c) of the TOA. Summary statistics on transmission equipment outage applications in 2005 are included.

5.2.1 Impacts of Transmission Equipment Outages on Congestion

In conjunction with the implementation of the new procedure to schedule and coordinate transmission equipment outages, the ISO and the TOs began a significant effort in 2005 to compile and review detailed outage data. These data establish a baseline set of metrics that, as required by Section 3.08(c) of the TOA, allow the ISO to assess and enhance the overall effectiveness of the process to coordinate transmission equipment outages with the TOs and LCCs. In compliance with the three Section 3.08(c) requirements to assess the process from three perspectives (see Section 5.1), the results of the ISO’s required analysis, are as follows:

· Assess the accuracy of the ISO’s estimation of congestion cost impacts and the inputs used in such estimation. In 2005, the ISO developed a significant amount of data and analyzed congestion cost savings. The ISO also enhanced its data-collection efforts and analyses tools, which are expected to provide additional opportunities for more robust analyses in 2006. The ISO compiled and evaluated applications for transmission and generator outages received with sufficient notice to be considered part of the long-term coordination process. The evaluation determined whether any desired equipment outages could have negatively impacted system reliability or caused excessive congestion. When the results of the technical studies identified an undesirable condition, the ISO and the LCCs worked with the TOs and generator owners desiring the equipment outage, as necessary, to seek an acceptable rescheduling of the request to minimize the impacts. The ISO reviewed the rescheduling of the 28 major transmission equipment outages identified through the long-term outage process to reduce congestion. Based on this review, the ISO’s assessment is that the inputs and analyses used to make its forecasts of congestion savings are accurate.
· Assess any long-term impacts of the ISO’s rescheduling of transmission-maintenance outages. The ISO assessments conducted in 2005 indicated that its efforts to coordinate and reschedule requests for transmission equipment outages were warranted and provided a savings by reducing congestion and reliability costs.
 The efforts did not impose undue financial constraints on the TOs due to the enhanced coordination resulting from the new process. Due to the two-to-three-month advance nature of this new process and the rescheduling of crews and equipment, the impact on the TOs was minimized, and no long-term impacts were identified. In 2006, further improvements to the long-term outage scheduling process are planned, which will provide further opportunities for additional cost savings (see Section 5.3).

· Provide information to the New England TOs that will allow them to identify opportunities for improving outage coordination, reducing congestion costs, or increasing operational flexibility. In 2005, the ISO regularly provided such detailed data to the TOs. This report highlights such data and data-collection efforts, which are expected to significantly expand in 2006 (see Section 5.3).

5.2.2 Overview and Statistics of Transmission Equipment Outage Applications

In 2005, the TOCWG began to analyze monthly outage-coordination data to identify trends and define benchmarks of outage-coordination practices across New England. Such data included summaries of the types of equipment outages, the causes of emergency and forced outages, the frequency of various planned and unplanned equipment outages and cancellations, and other relevant statistical information on equipment outages. To facilitate the analysis of the data, the TOCWG introduced common data-collection procedures and definitions.

The ISO maintains records on the number of transmission equipment outage requests it receives and compiles monthly transmission equipment outage statistics.
 In 2005, the ISO processed 4,830 applications for transmission equipment outages that were planned to start in 2005. This is a 19% increase from the number of transmission equipment applications the ISO processed in 2004. 

Table 5‑1 below provides summary statistics pertaining to transmission equipment outage applications for outages that were requested to begin in 2005. Of all transmission equipment outage applications the ISO processed in 2005, 61% were scheduled and taken as planned outages. The remaining transmission equipment outage applications were either for unplanned outages or were ultimately cancelled outages. Of the applications for cancelled transmission equipment outages, 51% were cancelled prior to the closing of the Day-Ahead Energy Market, allowing them to be accurately reflected in the Day-Ahead Energy Market assumptions. As detailed in Section 5.3, one ISO goal is to reduce the percentage of cancellations that occur after the closing of the Day-Ahead Energy Market.

Table 5‑1
Applications Submitted for Transmission Equipment Outages
Requested to Begin in 2005, as of December 31, 2005

	Timing of Applications Submitted for Outages that Were Requested to Begin in 2005,
as of December 31, 2005

	
	Number
	%
	
	

	Submitted for long-term process
(≥21 days in advance)
	496
	10.3%
	
	

	Submitted for short-term process
(<21 days in advance)
	4,334
	89.7%
	
	

	 Total number of applications submitted for outages planned to begin in 2005
	4,830
	
	
	

	Classification of Applications Submitted for Outages that Were Requested to Begin in 2005,
 as of December 31, 2005

	
	Number
	%
	Number
	%

	Planned
	2,965
	61.4%
	
	

	Unplanned
	836
	17.3%
	
	

	    Emergency (take outage immediately)
	
	
	528
	63.2%

	    Forced (take outage as soon as possible)
	
	
	308
	36.8%

	         Subtotal unplanned outage 
	
	
	836
	

	

	Cancelled
	1,029
	21.3%
	
	

	    Cancelled by transmission owner
	
	
	658
	63.9%

	    Cancelled by ISO New England
	
	
	278
	27.0%

	    Cancelled by local control center
	
	
	93
	9.0%

	         Subtotal (1) cancelled outages
	
	
	1,029
	

	

	    Cancelled prior to closing of Day-Ahead Energy Market
	
	
	526
	51.1%

	    Cancelled after closing of Day-Ahead Energy Market
	
	
	503
	48.9%

	        Subtotal (2) cancelled outages 
	
	
	1,029
	

	Total number of applications submitted for outages planned to begin in 2005 
	4,830
	
	
	


Figure 5‑1 shows the percentage of transmission equipment outage requests in various categories for applications submitted for outages requested to begin in 2005. These charts show the relationship between planned, unplanned, and cancelled outages. The TOCWG is continuing to analyze the data to determine the significant causal factors of good/poor performance, develop plans to improve transmission equipment outage scheduling and power system performance, and improve the process to coordinate and schedule long-term transmission outages.

[image: image6.wmf] 

Outage Applications Submitted for Outages Planned 

 

to Start in 2005, by Category

 

62%

 

21%

 

17%

 

Planned

 

Cancelled

 

Unplanned

 

Breakdown of Unplanned Outages for 

 

2005: Emergency & Forced

 

63%

 

37%

 

Emergency (Immediate)

 

Forced (ASAP)

 

Breakdown of Cancelled Outages for 

 

2005: Who Cancelled?

 

64%

 

27%

 

9%

 

TOs Cancelled

 

ISO Cancelled

 

LCCs Cancelled

 

Breakdown of Cancelled Outages for 

 

2005: Timing of Cancellation

 

51%

 

49%

 

Prior to D

-

A Mkt. Closing

 

After D

-

A Mkt. Closing

 


Figure 5‑1: Applications submitted for transmission equipment outages requested to begin in 2005, by category.

Note: Percentages may not exactly match those in Table 5‑1 due to rounding.

Figure 5‑2 compares the number of transmission equipment outage applications submitted during 2005 with the monthly New England peak load. The graph illustrates the seasonal variability in transmission equipment outage activity and the inverse relationship between monthly outage activity and monthly peak loads in New England. As shown in the graph, most outages are planned and coordinated to take place during the spring and fall light-load periods.
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Figure 5‑2: Transmission equipment outages planned to start in each month in 2005 compared with monthly peak loads.

Figure 5‑3 shows the causes for the various types of transmission equipment outages in 2005. Despite the best planning practices to schedule transmission outages well in advance, a certain degree of variation is always present, and the cancellations of outages are a necessary part of the coordination process. Late changes due to unplanned outages and unexpected reductions in generation availability sometimes necessitate the cancellation of planned transmission work. Changeable weather, load demand, parts availability, labor issues, and a host of other factors have a direct impact on the schedule and the ultimate equipment outage. The most common reasons for emergency and forced outages in 2005 were problems with breakers and other substation equipment and problems with transmission structures or conductors. 

The predominant reasons for the cancellation of transmission equipment outages pertain to either labor or weather issues. Labor reasons typically pertain to the unavailability of maintenance crews for a variety of reasons. Such reasons include the reassignment of personnel to address storm-related emergencies to restore transmission facilities in New England as well as in other parts of the country. A recent example is the deployment of personnel to the Gulf Coast region to assist in the restoration of transmission facilities damaged by Hurricanes Katrina and Rita. Weather conditions are another major reason for transmission equipment outage cancellations. Weather conditions, which typically impact near-term equipment outages, are beyond human control, and actual weather does not always align with forecasted weather. The “Other” category of reasons for transmission equipment outage cancellations (22%) includes such reasons as administrative and scheduling errors or instances where documentation was indeterminate. 
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Figure 5‑3: Reasons for transmission equipment outages in 2005, by outage category.
5.3 Conclusions for 2005 and Action Plan for 2006

The process to coordinate transmission equipment outages in New England is improving. Progress was made in 2005 to reduce congestion costs and encourage the early submittal of transmission equipment outage requests. This allows the ISO greater opportunity to analyze the impacts of transmission equipment outage requests on reliability and congestion costs. But the potential still exists for significant improvement in these areas. With a significant amount of transmission facility construction expected in 2006, the ISO is mindful that the outages associated with this construction must be planned and coordinated with the TOs and LCCs well in advance to minimize any adverse impacts on reliability or costs.

Significant benefits can be achieved in the near term by continuing to improve the business practices associated with planning and coordinating transmission equipment outages. These processes can be improved by more closely examining the causes and effects of these outages beyond the typical reason to assure reliability, as well as through cooperative efforts with the TOs and LCCs. These efforts are expected to benefit system operations and the New England markets by enhancing reliability, minimizing congestion costs, and reducing lost opportunity costs for generators. The ISO plans to accomplish the following in 2006:

· Improve the planning and coordination of transmission equipment outages by increasing the percentage of total applications for transmission equipment outage submitted in the long-term process from the 2005 annual average of 10% to a 25% annual average in 2006

· By the second quarter, finalize the processes for submitting transmission equipment outage applications and collecting and defining data 

· By the third quarter, provide feedback to the TOs such that action plans can be cooperatively developed to help reduce the number of unplanned transmission equipment outages.

· By the third quarter, provide feedback to the TOs to help further identify reasons for outage cancellations and cooperatively develop action plans to define and manage the number of undesirable cancellations

· Improve the timing of the notification for canceling transmission equipment outages to reduce the percentage of outages that are cancelled after 12:00 (noon) (the deadline for submitting transmission limits to the Day-Ahead Energy Market). The goal for 2006 is to reduce the average percentage of outages cancelled after noontime to approximately 40% of total cancellations, which was approximately 50% in 2005. 

· Improve the usability of detailed outage information and its integration into other ISO processes; complete specifications for enhancements to ISO transmission outage-scheduling software; evaluate software vendors; and contract for enhancements to or the replacement of the existing software by the first quarter of 2007 (with the enhancements put into operation starting in 2007) 

· Initiate an investigation of new transmission equipment outage-scheduling and cost-evaluation and optimization tools
 

Section 6 
Other Significant Events that Enhanced Reliability
in 2005

This section covers the ISO’s activities in 2005 to improve coordination and planning with neighboring regions to enhance reliability, facilitate electric capacity and energy transactions, better communicate with transmission owners, and conduct other tasks to facilitate ISO operations.

In FERC Order No. 888, the commission required Independent System Operators to develop mechanisms to coordinate with neighboring control areas to ensure reliability and the provision of transmission services that cross system boundaries.
 The ISO is actively involved in eliminating trading barriers that obstruct the smooth flow of electric capacity and energy between adjoining wholesale electricity markets due to the use of different rules and procedures by the neighboring markets. Such differences are referred to as “seams” issues. The ISO is also actively involved in resolving the seams issues that arise with its neighboring transmission and market operators in the Northeast, either through the reliable management and operation of the transmission system or through the wholesale electricity markets. 
The ISO develops and maintains coordination agreements, operating protocols, and market-based congestion-management processes between New England and neighboring control areas. These agreements and processes facilitate communication and data exchange, electric capacity and energy transaction scheduling, emergency power transfers, and more. 

6.1 ISO Planning Efforts in New England and the Region

In October 2005, the ISO culminated a year-long collaborative process with its stakeholders, including federal and state regulators, transmission and generator owners, and other market participants. This process comprehensively assessed the bulk power system and analyzed transmission planning issues to define projects necessary for ensuring a reliable and efficient supply of electricity in the future. The ISO’s 2005 Regional System Plan (RSP05) identifies the additional generation resources, transmission facilities, and fuel diversity needed to ensure a reliable and efficient supply of electricity in New England and the timeframe and location when and where these enhancements are needed.
 The ISO’s regional planning process is one of the most comprehensive in the country.

Effective with the start of ISO operations as a Regional Transmission Organization in February 2005, the ISO implemented a major new business process, the Transmission Cost Allocation (TCA) process. Pursuant to the ISO tariff, this process involves reviewing TCA applications and conducting stakeholder meetings to secure regional and state input for the cost of each project. The TCA process for new and future transmission upgrades identifies which components of transmission project costs should be regionalized and which ones should be localized. In 2005, the ISO reviewed 40 TCA applications representing $872,000,000 of new transmission investment. With advisory input from the NEPOOL stakeholder process, the ISO approved the regional allocation for 34 projects during the year, for a total allocation of costs to the region of $300 million. ISO New England is the only ISO/RTO with such an extensive process. 

In 2005, the ISO and market participants collaboratively developed a formal RTO-controlled process that established best practices for maintaining valid and accurate transmission facility ratings in New England. The methodology establishes ratings for transmission equipment connected to the electric power system in New England at 69 kV and above on and for all generator step-up transformers attached to generators of 1 MW or greater that participate in the energy markets. The System Design Task Force (SDTF), which is chaired by ISO staff and reports to the NEPOOL Reliability Committee, provided the structure for developing this methodology. Planning Procedure No. 7, Procedures for Determining and Implementing Transmission Facility Ratings in New England (PP 7) contains details of this facility-rating methodology.
 The intent of PP 7 is to be a “best-rating practices” document for new facilities as well as in when changing the ratings of existing facilities.
The ISO has also helped develop and document a Northeast ISO/RTO Planning Coordination Protocol, finalized in 2004. This document provides guidelines for standardizing data, exchanging information, and coordinating planning among control areas in the Northeast.
 The document also provided the basis for the formulation in 2005 of a joint, open stakeholder advisory group, the Inter-Area Planning Stakeholder Advisory Committee (IPSAC), and the implementation of a regionwide planning process to develop Northeast Coordinated System Plan.
 A final draft of this regionwide plan, NCSP 2005, was issued in April 2005. This document consolidates the system assessments and plans of each of the participating control areas, highlights existing interregional planning activities, summarizes perceived issues and risks, and identifies potential issues for future analysis. As a member of IPSAC, the ISO is committed to continuing to develop and refine a fully coordinated NCSP for the Northeast. The ISO attended IPSAC meetings in 2005 and is contributing to the development of an updated NCSP expected to be published in summer 2006. 

6.2 Developing and Updating Coordination Agreements

As part of its effort to ensure the reliable operation of the interconnected bulk power systems and in accordance with NPCC and NERC requirements, during 2005, the ISO developed or updated its coordination agreements with each of its neighboring control areas. The ISO entered into three such agreements in 2005:

· Coordination agreement between ISO New England and New Brunswick System Operator, effective June 7, 2005, with respect to the 345 kV transmission facilities that interconnect with New Brunswick

· Interconnection operators agreement between ISO New England and Hydro-Québec TransÉnergie (HQTE), effective July 18, 2005, with respect to the 450 kV Phase I/II HVDC transmission facilities

· Coordination agreement between ISO New England and NYISO, effective January 1, 2006, with respect to the transmission facilities that interconnect with New York

Each of these agreements provide a structure and framework for the reliability-related functions associated with interconnected operations. They also formalize and incorporate in a single document various concepts, practices, procedures, and agreements with the respective control areas.

6.3 Facilitating Electric Capacity and Energy Transactions

In 2005, the ISO supported a number of efforts that facilitate the scheduling of electric capacity and energy transactions between control areas. The ISO also participated in the effort to improve coordination with its neighboring control areas with respect to operational matters.

6.3.1 Electric Energy Transactions—Facilitated Checkout Process

In 2005, the ISO, in conjunction with other members of NPCC, developed a facilitated checkout process through which information on each transaction is shared electronically between the ISO and its neighboring control areas. This process allows the system operators in each control area to have direct read-only access to the scheduling data and information of its neighboring control areas to help ensure that the proper transactions flow, while minimizing the need for verbal communication. A successful pilot implementation of the Facilitated Transaction Checkout (FTC) communication protocol in 2005 demonstrated the ISO’s capability to exchange transaction data in real-time with NYISO and HQTÉ. The ISO, NYISO, and HQTÉ have implemented the data-exchange software, and the ISO has successfully integrated the associated additional data into its control room displays. 

6.3.2 Capacity Sales—Partial and Full Delisting of Generation Resources

To reduce seams and facilitate transactions with neighboring control areas, the ISO modified the wholesale electricity market rules in 2005 to allow for the partial delisting of a resource.
 The new rule further allows owners of delisted resources to sell its capacity services outside the New England Control Area, enabling resources to engage in installed capacity sales and to support non-recallable electric energy transactions to neighboring control areas. The ISO market rules, as follows, now allow resources to fully or partially delist as a qualified installed capacity resource:

· The ICAP Market has a 60-minute requirement for submitting non-recallable transactions to the market system for both fully and partially delisted units.

· Partially delisted resources are required to offer the full capability of the resource into both the Day-Ahead and Real-Time Energy Markets.

· Fully delisted resources are required to offer the full capability of the resource in the Real-Time Energy Market only.

Fully and partially delisted resources are subject to ISO commitments in accordance with their supply offers in both electric energy markets. In accordance with ISO operating procedures and manuals, the ISO respects the nature of installed capacity sales by ISO market participants to parties in other control areas. The ISO will only curtail the electric energy associated with an installed capacity sale under very limited circumstances.

6.4 Other Events in 2005

Other important activities and events that took place in 2005 have contributed to maintaining reliability in New England; some will contribute on an ongoing basis.

6.4.1 VELCO Becomes a Local Control Center

Vermont Electric Power Company became an LCC in 2005. The ISO worked extensively with VELCO during 2005 to prepare it to assume LCC responsibilities. VELCO successfully passed its audit and commenced LCC operations in May 2005. Refer to Section 3.2 for information on LCC responsibilities for coordinating with and assisting the ISO in meeting the objectives of central dispatch.

6.4.2 Documentation of ISO Reliability Practices and Procedures

The aim of ISO system operating procedures is to ensure that New England’s bulk power system properly conforms to reliability standards in conjunction with the changing wholesale electricity market structures. As the ISO has grown, detailed ISO system operating procedures have been developed and revised to accomplish the following specific tasks:

· Fulfill the requirements contained in the ISO New England operating documents, which include the ISO tariff (a part of which is the ISO OATT and Market Rule 1); the ISO New England planning procedures; and the operating guides, manuals, procedures and protocols developed and utilized by the ISO for operating the New England bulk power system and wholesale electricity markets

· Convey the intent of the operating procedures

· Establish individual responsibilities

· Document standardized methods of conduct

· Provide criteria for decision making

· Provide a training and reference resource for ISO employees as well as market participants

ISO business processes are complex and require decision making on the part of ISO, LCCs, and market participants. The policies and procedures documented in the system operating procedures provide ISO system operators with tools to quickly and efficiently perform tasks and notifications required to ensure reliable operations.

The ISO actively and extensively improves the quality of its processes and procedures on an ongoing basis while maintaining document control. The ISO constantly reviews and revises its system operating procedures for accuracy using an established change-management process; at a minimum, it reviews each procedure once per year. It undertakes these efforts to ensure that business-process changes, which occur from implementing new business requirements, lead to standardized operating practices and that ISO system operations personnel are informed about the new practices in a timely fashion. The ISO also publicly posts the new practices on its Web site to make them transparent to participants. 

During the 2005 calendar year, the ISO made more than 425 revisions to processes and procedures used by ISO system operations staff. It documented all changes to the operating procedures in accordance with a prescribed and controlled process that ensures adequate levels of review. As a result of this process, the documents ISO employees rely on are up-to-date and have been reviewed and approved by the appropriate personnel. The ISO has standardized the format for documenting its procedures and has enhanced the company Web site to ensure employees requiring information can easily identify, locate, and retrieve the appropriate material in a usable form. 

The ISO’s efforts in the areas of process and procedure development have been well received:

· During a recent Readiness Audit, NERC commended the ISO for implementing a software-based system for communicating procedure changes as well as providing a method to track an individual’s receipt and review of updated policies and procedures. This mechanism has greatly enhanced management’s ability to ensure that ISO system operators read and review new policy and procedure changes.

· During a recent audit, PricewaterhouseCoopers LLP announced that ISO successfully completed its first SAS 70 Type 2 Audit. PricewaterhouseCoopers LLP performed a rigorous and detailed examination of the business processes and information technology used for activities related to bidding into the wholesale electricity markets, accounting, billing, and conducting settlements for the market products of electric energy, transmission, capacity, and reserves. 

· In June 2005, the ISO was awarded a patent for its method of developing and maintaining documentation of its business practices. A patent for the development of such material is unprecedented in the electric utility industry. Being granted a patent for its particular way of managing the bulk power system and wholesale electricity markets is a clear indication that the ISO’s approach to business-process documentation is unique and valuable.

6.4.3 ISO Training Programs

Training is a fundamental requirement to facilitate the ISO’s effective execution of its reliability functions and the operation the wholesale electricity markets. For the ISO training program to be successful, it must meet the needs of the system operations personnel to become knowledgeable about system reliability and market operations, as well as ensure compliance with evolving training standards. To optimize the effectiveness of its training program, the ISO has designed a comprehensive program and has implemented a training simulator that can fully simulate the Real-Time Energy Market as well as perform the traditional functions of the dispatcher-training simulator.

The ISO training staff completed an impressive amount of work during 2005. Highlights of ISO’s training efforts during 2005 are as follows:

· Prepared ISO staff for various milestones achieved during 2005 by reviewing and rewriting business processes and procedures, assisting in the testing and modification of software tools, and conducting training on the new procedures and tools. These milestones included the following:

· Commencement of RTO operation (for February 1)

· Implementation of NERC Standards (for June 1)

· Implementation of ASM Phase 1 (for October 1)

· Conducted training of all control room personnel to respond to the IROL violation in March (see Section 4.10) to help ISO staff understand the cause of the event and to learn how to minimize the risk of similar events in the future. 

· Prepared VELCO to assume its responsibilities as an LCC (see Section 6.4.1). This training involved a thorough review of procedures, responsibilities, communications, and expectations.

· Conducted the first ISO/LCC Joint Operator’s Seminar in Rutland, Vermont, for a 6-week period in early 2005. All control room personnel from ISO, New Hampshire, Maine, CONVEX, REMVEC, VELCO, and NSTAR participated.

· Conducted Restoration Training for a broad range of participants in the electric and gas industries during the Joint ISO/LCC Operator’s Seminar held in Holyoke in September and October. This effort included a Restoration Seminar for generator operators throughout New England and control room operation personnel and a “tabletop restoration” of the New England Control Area.

· Conducted training and participated in the NERC Back-Up Control Center Fail-Over Test, which was deemed successful.

· Worked with Pilgrim Nuclear Power Station personnel in presenting and participating in classroom and simulator training for our respective control room personnel.

· Conducted job-task analysis of eight specific operations positions, which will provide the information and structure necessary to remain compliant with NERC operator-training standards expected to be imposed in 2006.

· Maintained its status as a NERC continuing education provider (CEP).

· Provided core services, including NERC certification training and operator training, a training program for specific personnel in the Short-Term Outage Scheduling Department, and general support to the Operations Department.

6.4.4 Expansion of ISO Facilities

In 2005, significant progress was made on the construction project to expand the ISO’s facilities. ISO’s expanded facilities will include much needed additional space for its employees and a new control room with advanced power system simulation and visualization capabilities. A dynamic video wall in the new control room will replace the current static mosaic wallboard and provide new tools for ISO system operators to monitor and control the New England bulk power system. The dynamic wallboard will quickly and accurately give operators real-time and historic views of power system conditions. It also will improve situational awareness through a wide-area system view of not only the New England system but also the neighboring systems, enabling early detection of reliability and security threats and blackout prevention.

Appendix A  
ISO’s Transmission Operating Agreements

The ISO operates the New England bulk power system pursuant to, among other things, various Transmission Operating Agreements with transmission owners in New England. The ISO is a party to the following TOAs:

· The TOA that governs the transmission facilities owned by New England Participating Transmission Owners and whose rates are recovered through the regional and local transmission rates [ISO New England, et al., 106 FERC ¶ 61,280 (2004), accepted by FERC by letter order dated March 28, 2005, in Docket No. ER05-527-000].

· The HVDC Transmission Operating Agreement (HVDC TOA) that governs the 450 kV Phase I/II HVDC transmission facilities (HVDC-TF). These facilities interconnect New England with Québec and are owned by certain New England asset owners. Transmission service over the HVDC-TF is offered by certain long-term rights holders (Schedule 20A Service Providers) and whose rates are recovered under the Schedule 20A of the ISO OATT [ISO New England, et al., 111 FERC ¶ 61,244 (2005), accepted by FERC by letter order dated May 25, 2005, in Docket No. ER05-754-000].

· The Maine Electric Power Company, Inc. (MEPCO) Transmission Operating Agreement (MEPCO OA) that governs the 345 kV transmission service over these facilities that interconnect with New Brunswick.
 MEPCO owns and offers these facilities and offers transmission service pursuant to Schedule 20B of the ISO OATT [ISO New England, et al., 111 FERC ¶ 61,277 (2005), accepted by FERC by letter order dated May 27, 2005, in Docket No. ER05-730-000].

Also, Section II.47.7(c) of the ISO OATT indicates that merchant transmission facilities (MTF), such as the Cross-Sound Cable, shall be subject to the ISO’s operational control, scheduling, and maintenance coordination. FERC approved this provision via Letter Order dated October 26, 2005 in Docket No. ER06-69-000. Section II.47.7(c), along with Schedule 18 of the ISO OATT, set forth the full measure of the ISO’s oversight authority regarding MTFs.

Appendix B  
Committees Supported by the ISO

This appendix lists the NERC, NPCC, and NAESB committees ISO supports.

B.1. NERC Committees Supported by the ISO

· Operating Committee

· Data Exchange Working Group

· Disturbance Analysis Working Group

· Functional Model Review Task Group

· Interchange Subcommittee

· Joint Interchange Scheduling Working Group

· Operating Reliability Subcommittee

· Distribution Factor Working Group

· Interchange Distribution Calculator Working Group

· System Data Exchange Working Group

· Reliability Coordinator Working Group

· Personnel Subcommittee

· Resources Subcommittee

· Telecommunications Working Group

· Training Resources Working Group

· Continuing Education Review Panel

· Standards Authorization Committee

· Compliance and Certification Committee Groups

· Compliance and Certification Committee

· Compliance and Certification Managers Committee

· Reliability Standards Drafting Teams

· Phase III/IV Planning Standards

· Balance Resources and Demand

· Coordinate Interchange Standards Task Force

· Coordinate Operations

· Cyber Security

· Operate Within Interconnected Reliability Operating Limits

· Prepare for and Respond to Abnormal or Emergency Conditions

· Prepare for and Respond to Blackout or Island Conditions

· ATC/TTC/ATF and CBM/TRM Revisions SAR Drafting Team

· Certification Standards Drafting Teams

· Certification of the Balancing Authority Function

· Certification of the Reliability Authority Function

· Certification of the Transmission Operator Function

· Critical Infrastructure Protection Advisory Group

· Indications, Analysis, Warnings (IAW) Working Group

· Planning Committee

· Resources Issues Subcommittee

· Reliability Assessment Subcommittee

· Data Coordination Working Group

· ATC Working Group

B.2. NPCC Committees Supported by the ISO

· NPCC Executive Committee

· NPCC Reliability Coordinating Committee

· NPCC Compliance Monitoring and Assessment Subcommittee

· NPCC MEN Major System Disturbance Task Force

· Task Force on Coordination of Planning

· Review of Resource and Transmission Adequacy

· Review of NERC Planning Standards

· Task Force on System Protection

· Task Force Energy Management

· Task Force on Infrastructure Security and Technology
· Task Force on System Studies

· Base Case Development

· Inter-Area Dynamics (Blackout Study)

· Task Force on Coordination of Operation

· Control Performance

· System Operator Training

· Operational Review Team

· System Operations Managers

· System Operational Tools

· Inter-Control Area Restoration Coordination

· Operations Planning

· Available Transfer Capability

B.3. NAESB Committees Supported by the ISO

· Joint Interface Committee

· WEQ Executive Committee

· Business Practices Subcommittee

· Inadvertent Interchange Payback Task Force

· Energy Day Subcommittee

· Electronic Scheduling Subcommittee

· Coordinate Interchange Business Practices Task Force

· Joint Interchange Scheduling Working Group

· OASIS II Task Force (OASIS II)

· OASIS IA Task Force (OASIS IA)

· Information Technology Subcommittee

· Seams Subcommittee

Appendix C  
2005 Audits and Compliance with National, Regional, and Systemwide Standards

Appendix C provides the status of ISO’s 2005 compliance with NERC, NPCC, and ISO New England standards. It also summarizes the results of audits conducted in 2005, both internally and by outside organizations.

C.1. Audits and Compliance with ISO New England, Regional, and National Standards

The ISO audits its generation resources and transmission facilities to ensure that they perform according to specifications. The ISO practices and procedures are subject to audits by regional and national organizations, independent auditors, and its own staff. These audits verify compliance with local, regional, and national standards.

C.1.1. Audits Conducted by the ISO in 2005

The ISO conducted various audits in 2005 designed to ensure the continued reliable operation of the New England bulk power system.

C.1.1.1. Black-Start Audit

Part of the ISO’s responsibilities for ensuring the continued reliable operation of the New England transmission system is to plan and maintain adequate capability for restoring the New England Control Area following a systemwide blackout. Specific generators interconnected to the transmission or distribution system at strategic locations are capable of supplying load to re-energize the transmission system following a blackout. These resources must be able to start up without electricity from another generator and completely independent of the power grid and be able to sustain such operation for at least 10 minutes. Such generators are known as black-start-capable units. Schedule 16 of the ISO OATT describes this System Restoration and Planning Service and compensation.
 ISO Operating Procedure No. 11, Black-Start Capability Testing Requirements (OP 11), and the ISO System Operating Procedure, Process Black-Start Unit Testing, describe New England’s long-standing program for identifying and testing such black-start-capable units. These documents define the requirements for qualifying as a black-start unit and for the annual testing of such units. 

Black-start-capable units committing to the program are contracted for a minimum of three years. For an owner to withdraw its generator from the program, it must provide the ISO with advance notice one year prior to the start of the third year of the commitment period. The ISO must also notify the owner or owners of generators providing System Restoration and Planning Service at least one year prior to terminating that resource’s designation as black-start capable. 

The black-start testing program has evidenced enormous success over the years, and 2005 was no exception. In 2005, approximately 1,800 MW of black-start capability (based on summer ratings) were committed to New England’s system restoration plan. This fleet of black-start units was comprised of about 65 units averaging 30 MW, located at 43 stations spread throughout the New England power system. In 2005, all but one black-start unit performed a successful annual black-start test. Black-start unit testing is also part of NPCC’s annual compliance program. The testing performance of New England’s black-start units more than meets NPCC’s compliance requirements.

C.1.1.2. Voltage-Reduction Test

The ISO conducted two separate 5% voltage-reduction performance tests in 2005; the first test was held in the spring (May 4), and a second test was held in the fall (November 15). The second test had not been previously performed. It was added to determine the necessary adjustments for the values used to project total system load relief that can reasonably be expected during the winter peak-load season. Both tests successfully reduced system load at least 1.5%, which met the requirements of ISO Operating Procedure No. 13, Standards for Voltage Reduction and Load Shedding Capability (OP 13). 

C.1.1.3. Load Power-Factor Audit

The ISO and New England’s Voltage Task Force manage numerous programs and documents to maintain voltage/reactive security on the New England bulk power system. The NERC Readiness Audit of the ISO cited one such program, the Load Power Factor (LPF) Correction Program, as one of the “best practices” NERC recommends other NERC members to adopt. ISO Operating Procedure No. 17, Load Power Factor Correction (OP 17) contains details on LPF standards and surveys.

Working with its participants, the ISO maintains standards for the correction of the LPF within 10 areas of the New England bulk power system. The areas are defined based on the natural voltage/reactive characteristics of the transmission system and the knowledge that reactive power cannot be practically transmitted over long distances. Figure C-1 displays these 10 areas. 
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Figure C-1: The 10 load power-factor areas.

Consistent with the ISO’s commitment to meeting its reliability criteria, the LPF standards are designed to protect against and recovery from generator or transmission contingencies. As an example, the following graph (Figure C-2) displays the LPF standards for the Southeast New England area. The maximum and minimum allowable levels of LPF correction for the range of load levels shown define a bandwidth for acceptable LPF operation.
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Figure C-2: ISO New England load power-factor standards (Southeast export area, short 345 kV lines).

Once per year, the ISO selects specific dates and times from the previous 12 months to survey actual LPF operation. It selects these samplings to capture extreme heavy- and light-load seasonal conditions, which naturally have the most difficult standards to meet, and an intermediate load level. The ISO analyzes participant responses to the survey on an area- and participant-specific basis. Results from the 2005 surveys of actual LPF operation in 2004 and early 2005 indicate the following:

· At peak load, nine of ten areas operated within standards.

· All areas met standards at intermediate loads.

· Three areas were overcorrected during light loads.

As part of the annual audit, the ISO determines the amounts of additional capacitance needed for peak-load operations. It also determines the additional capacitor switching of reactors needed for light-load operations for the next year’s expected power system resources and topology. The following graphs (Figure C-3 and Figure C-4) summarize the additional reactive capability (MVAR) needed to meet peak- and light-load standards, respectively, for 2006, as prescribed in the 2005 LPF audit.
 As shown in Figure C-3, under peak-load conditions, the Boston area and Southeast area have the greatest need for the provision of capacitive MVAR.
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Figure C-3: Reactive changes needed in 2006 to meet area minimum LPFs for peak load, by area.

As shown in Figure C-4, under light-load conditions, the Boston area has by far the greatest need for the provision of reactor MVAR. 
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Figure C-4: Reactive changes needed in 2006 to meet area maximum LPFs for light load, by area. 

While overall area LPF correction is beneficial, some participants within the areas are leaning on the good practices of other participants. To ensure equity, area shortfalls are further broken down to an individual participant basis and reported. The ISO formally notifies noncompliant participants and calls for measures to correct the shortfalls. The subsequent annual survey captures the effectiveness of these measures.

C.1.1.4. Seasonal Claimed Capability Audit

New England’s generation resources are rated according to their maximum dependable winter and summer load-carrying ability, excluding the amount of electricity required for station use (i.e., seasonal claimed capability).
 These ratings are the megawatt values for the generation resource used in the installed capacity market. To ensure consistency in establishing capability for standard generation resources and to provide assurance that the seasonal claimed capability can be achieved when needed, the ISO requires such resources to demonstrate these ratings. These demonstrations are held twice each year, once during the summer-peak-load period and once during the winter-peak-load period.

C.1.1.5. Generation-Resource Reactive Capability Audit

To maintain system reliability in specific locations within New England under a broad range of system conditions, the ISO must rely on certain ancillary services, including reactive supply and voltage control. VAR support is a Generation Sources Service (Schedule 2 of Section II of the ISO tariff) that uses the reactive power capability of operating generators to assist in maintaining New England Control Area transmission voltages within acceptable and reliable limits.

The ISO has established criteria, operating practices, and responsibilities for generation resources to maintain and demonstrate their reactive supply and voltage control capabilities (VAR capability). A generator may demonstrate its maximum lagging VAR capability during a defined VAR testing period. These test results establish the basis for the ISO tariff’s Schedule 2 compensation for capacity costs.

During 2005, 18 generators participated in and received Schedule 2 capacity-cost compensation through the Generator Reactive Capability Demonstration Program for some period during the year. Of these, five successfully conducted the required one-hour demonstration test for the first time and completed the VAR testing requirements. Two generators retested, and their VAR capability was adjusted to reflect the test results. Seven others were not able to successfully perform the VAR capability test due to voltage conditions and/or low system load. These resources received a one-year waiver and will be required to retest VAR capability during the 3006 testing period. Another generator unsuccessfully performed the VAR capability test due to voltage conditions, but was not eligible for a full one-year waiver because its two-year window for testing expires in 2006; this unit is expected to try to demonstrate again in 2006. Three generators were removed from the program during 2005 and will no longer be compensated for reactive capability. One generator requested to be removed, another failed to submit VAR capability test results, and one retired on July 1.

C.1.2. Audits of the ISO in 2005

The ISO is subject to audits by regional organizations, as described in the following sections.

C.1.2.1. 2005 NPCC Audits

The ISO was not subject to an NPCC audit in 2005. As required by NPCC Guideline C-32, the NPCC is required to audit each control area’s compliance program in detail every three years. NPCC last audited the ISO in 2003, and the next audit is scheduled for September 2006.
 In preparation for this audit, New England has streamlined much of its reporting and documentation archiving and reorganized the company to functionally assign compliance to the chief operating officer organization, which oversees both the System Planning and Operations Departments.

C.1.2.2. 2005 NERC Readiness Audits

Following the August 14, 2003, blackout, NERC initiated the Readiness Audit Program for reviewing the ability of registered organizations to perform the applicable reliability functions (i.e., balancing, transmission operation, reliability coordination). NERC last conducted such an audit at the ISO in May 2004. This audit was a “control area readiness assessment” that encompassed a review of the ISO’s balancing authority and transmission operator functions, but excluded the reliability coordinator function (which had been covered in the 2002 NERC reliability coordinator audit).

These audits are scheduled on a three-year cycle, which means the ISO will next be subject to such audits in 2007. However, since the ISO is registered as a balancing authority, transmission operator, and reliability coordinator, and since NERC last conducted the Reliability Coordinator Audit on the ISO in 2002, the ISO would have been required to have a Reliability Coordinator Audit in 2005. To avoid being subject to two separate audits in two consecutive years, the ISO requested to have its audits of all three reliability functions in 2006. NERC granted ISO’s request, and scheduled the audits for September 2006.

In 2005, in preparation to meet NERC audit requirements and post-blackout recommendations, the ISO assessed its ability to comply with all NERC Version 0 Standards. See below for more information on these standards.

NERC has identified certain “Examples of Excellence” as “electric industry practices that are exceptionally effective in ensuring and protecting the reliability of the interconnected bulk electric system” and that are intended for the “electric industry to consider in achieving excellence in system operations.” NERC recommends that organizations review and consider adopting these practices where appropriate.

NERC publishes its Examples of Excellence Bulletin quarterly, adding new practices to the list in each edition. NERC replaces an existing practice with a new one if it identifies another practice encountered in a readiness audit as having “raised the bar.” In the December 2005 quarterly publication, ISO New England was identified as having Examples of Excellence in three areas—operational planning, responding to the loss of primary control facilities, and training.

C.2. Implementation and Compliance with NERC Version 0 Standards

NERC, with input from the power industry, developed “new” measurable and clearly defined reliability standards, which the industry and ultimately the NERC Board of Trustees approved and made effective on April 1, 2005. These new reliability standards, referred to as “Version 0 Standards,” are intended to mirror NERC’s pre-April 2005 planning standards and operating policies and address ambiguous language concerns.
  NERC has also been rewriting reliability standards under a new industry-inclusive review, comment, and approval process. These new standards are expected to replace and/or supplement the existing Version 0 Standards.

During 2005, in preparation for a NERC audit in 2006, the ISO conducted an exhaustive review that compared the ISO’s procedures and training documents to the newly adopted NERC Version 0 Standards. This resulted in a gap analysis that assessed the ISO’s compliance with 90 Version 0 Standards and 857 requirements and measures for planning and operations. The ISO developed and implemented an implementation and training plan to close the gaps that were identified and confirmed.

In addition to the above review, the ISO revised ISO Operating Procedure No. 15, ISO New England Compliance Procedure (OP 15), and the associated System Operating Procedure, Manage Compliance, to further clarify several aspects of the program and ISO interactions. First, the ISO clarified the evolving compliance programs and further delineated the compliance responsibilities of the ISO and its participants. It also clarified the interactions between the ISO and both the NPCC and NERC.

In 2005, the ISO organized and presented an informative Spring Compliance Forum that was well received by its stakeholders. The results of the 2005 NPCC and NERC compliance programs are detailed in Appendix C, Sections C.3.3, C.3.4, and C.3.5.

The ISO supports national, mandatory reliability standards and clear regional operational control of transmission systems as essential measures to help avoid future blackouts. ISO New England has endorsed the recommendations made in reports issued by the U.S.–Canada Power System Outage Task Force, NERC, and the ISO’s own internal assessment, designed to ensure power system reliability and limit the likelihood of similar events occurring in the future.
,
,
 The ISO achieved full compliance with all applicable recommendations made in these reports in 2005. It implemented numerous primary actions (i.e., creating new displays, updating procedures, and performing studies) and support actions (supporting a NERC standard and supplying support data. Specific actions included the following:

· Enhanced system operator display capabilities to provide more information about system status, including the enhancement of Web-based one-line diagrams of the transmission system and the Web-based scheduling, audit, and maintenance scheduling systems with wide-area visualization and power-flow contingency analysis capabilities

· Improved information technology systems—automated the upload of New England outage information, improved Automatic Generation Control (AGC) frequency monitoring and access to additional frequency sources

· Implemented new technologies—improved real-time data tracking and real-time data visualization

· Conducted a gap analysis to ensure compliance with NERC Version 0 Standards

· Updated ISO procedures and enhanced training

C.2.1. Registered NERC Entity for Compliance

As part of the adoption of the Version 0 Standards, NERC requested that the regional reliability councils (e.g., NPCC) register entities within their respective regions to be monitored for compliance with the Version 0 Standards. This initiative was known as Functional Model Registration. Although the NERC standards identify numerous entities for compliance, NERC requested the registration of the following six types of entities responsible for compliance with its Version 0 Standards:
 

· Balancing authorities

· Planning authorities

· Regional Reliability Organizations

· Reliability coordinators

· Transmission operators

· Transmission planners

To more broadly monitor compliance with its reliability standards, NERC and the regions may require other entities identified in the standards to register in the future. 

As the RTO for New England, the ISO is a certified reliability coordinator. The ISO ensures compliance with NERC and NPCC reliability standards by adhering to NPCC criteria, ISO operating procedures, and the FERC-approved market rules. The ISO has also registered with NERC (through NPCC) as other types of responsible entities in New England, including a balancing authority, transmission operator, planning authority, and transmission planner. The ISO is scheduled for a NERC audit in September 2006 to ensure its compliance with the requirements for each of the functions for which it is the responsible entity. 

C.2.2. NERC Standards and Process for Certifying Organizations

Entities registered as being responsible for compliance with Version 0 Standards will be required to meet certain criteria to demonstrate their ability to perform the tasks required by these standards. To establish and apply these criteria, NERC is developing a process and associated standards for certifying organizations.

Each NERC region will be responsible for implementing the organization-certification process and applying the standards. Individual NERC regions may add more stringent requirements to the certification standards. Once the certification standards and certification process are implemented, registered balancing authorities, reliability coordinators, and transmission operators will need to be certified through a regional certification process. Once this process is finalized, a list of all registered and certified organizations will be posted on the NERC Web site. The ISO anticipates that the September 2006 NERC audit will satisfy these requirements.

C.3. Involvement in NPCC and NERC Programs

This section summarizes the ISO’s participation in several NPCC and NERC groups and task forces. 

C.3.1. NPCC CO7 (Operational Review, Coordination, and Assessment Working Group)

The NPCC Reliability Coordinating Committee’s Task Force on Coordination of Operations (TFCO) formed the Operational Review, Coordination, and Assessment Working Group. This purpose of this group is to assess, coordinate, and evaluate regional operational issues and reliability concerns to achieve conformance with the NPCC and NERC criteria, procedures, and standards. The ISO actively participates in this group and played a lead role, as the chair of the group, in developing the NPCC 2005 Regional Reliability Plan. The ISO was also actively involved with this group to register and certify entities to achieve conformance with NERC and NPCC criteria and procedures.

C.3.2. NPCC Control Performance Working Group

The ISO also participated in the NPCC’s Control Performance Working Group under the TFCO to develop ACE Diversity Interchange (ADI) procedures to reduce regulation (or automatic generation control) requirements of its members. ADI is a method of regional regulation among participating control areas that take advantage of area control error diversity to achieve a mutual reduction in regulation requirements of its members and adjustments to generator outputs. Participants in this effort included the ISO and NYISO (with PJM, IESO, and Canada’s Maritime provinces considering participating in future ADI efforts). ADI uses the sign diversity of the ACE values of the participating areas to achieve this mutual reduction as a form of supplementary regulation.
,
 

The ADI participants have developed the necessary software and procedures for data exchange, and each applies the ADI term to its respective area control error in automatic generation control. The ISO takes ADI into account in its monitoring, evaluation, and reporting of its control performance (i.e., its ACE) in real time. The ISO reviews the inadvertent electric energy accounts of the NYISO and the Maritimes. If one of those areas has an accumulated on- or off-peak inadvertent balance that is opposite to ISO New England’s, and they are willing to limit ADI values in that peak period to a direction that mutually reduces inadvertent accounts while also assisting CPS 2 compliance, the parties may initiate arrangements to do so.

C.3.3. Status of New England Area Compliance with the 2005 NPCC Reliability Compliance Enforcement Program

The NPCC’s Reliability Compliance and Enforcement Program (RCEP) is designed to assess and enforce compliance with NPCC reliability criteria to promote the reliable and efficient operation of the interconnected bulk power systems in Northeastern North America.
 Table C-1 summarizes the status of New England area compliance with the NPCC’s 2005 RCEP.

Table C-1
Status of New England Area Compliance with 
NPCC Reliability Compliance Enforcement Program, as of December 31, 2005

	Item #
	RCEP
Compliance
Template
	Description
	Operations(OP) /Planning (PL)
	New England Area Compliance Status

	1
	CPS 1
	Control Performance Standard 1
	OP
	Full 100% compliance

	2
	CPS 2
	Control Performance Standard 2
	OP
	Full 100% compliance

	3
	DCS
	Disturbance Control Standard
	OP
	Full 100% compliance

	4
	A2-1
	Area transmission review
	PL
	Full 100% compliance

	5
	A3-1
	Under-frequency load shedding
	PL
	Full 100% compliance

	6
	A3-2
	System restoration plan
	OP
	Full 100% compliance

	7
	A4-1
	Bulk power system protection minimum maintenance
	PL
	Full 100% compliance

	8
	A6-1
	10-minute operating reserve
	OP
	Full 100% compliance


C.3.4. Status of New England Area Compliance with the 2005 NPCC Reliability Assessment Program

The NPCC Reliability Assessment Program (NRAP), established in 1977, is a comprehensive program that brings together work done by the NPCC and its members relevant to the assessment of bulk power system reliability. Through NRAP, NPCC criteria, guidelines and procedures are reviewed and developed, and reliability assessments are performed. NRAP addresses both planning and operating requirements.
 


Table C-2
 summarizes the status of New England area compliance with the NPCC’s 2005 NRAP.

Table C-2
Status of New England Area Compliance with 
NPCC Reliability Assessment Program, as of December 31, 2005

	Item #
	NRAP Requirement
	Description
	OP/PL
	New England Area Compliance Status

	1
	A3-4.6-x
	Status of implementation of the change to 0.3 sec. time delay for under-frequency load shedding (UFLS) relays
	PL
	Full 100% compliance

	2
	A3-4.9
	Generator under-frequency tripping
	PL
	Noncompliance 3 generators/
2 mitigated/1 remaining

	3
	C-7
	Monitoring and reporting requirement for NPCC guides for rating generating capabilities 
	OP
	Full 100% compliance

	4
	A3-4.10.1
	Status report on testing requirements for critical components associated with key facilities
	OP
	Noncompliant(a)

	5
	A3-3
	Key facility and critical component list
	OP
	Full 100% compliance


(a)The ISO believes that a complete system restoration would still have been achievable had the noncompliant facilities failed to perform during an actual emergency, given the robust nature inherently designed into the New England restoration plan. Of the 235 substation facilities tested associated with system restoration, there were seven instances of noncompliance on four different stations.

C.3.5. Status of New England Area Compliance with the 2005 NERC Compliance Enforcement Program

NERC conducts annual reviews to assess the level of compliance with its reliability standards. NERC oversees each region's compliance enforcement program, which reviews and enforces compliance with its members. The 2005 Compliance Enforcement Program (CEP) monitored compliance with 96 requirements in 44 reliability standards, which were adopted on April 1, 2005.
  Table C-3 summarizes the status of New England area compliance with NERC’s 2005 CEP. 

Table C-3
Status of New England Area Compliance with
NERC Compliance Enforcement Program, as of December 31, 2005(a)
	Item #
	NERC Standard No.
	Description
	Requirements
	Operations (OP) /Planning (PL)
	New England Area Compliance Status

	1
	TPL-001
	System performance assessments under normal conditions
	1, 2, 3
	PL
	Full 100% compliance

	2
	TPL-002
	System performance following loss of a single bulk electric system (BES) element
	1, 2, 3
	PL
	Full 100% compliance

	3
	TPL-003
	System performance following loss of two or more BES elements
	1, 2, 3
	PL
	Full 100% compliance

	4
	TPL-004
	System performance following extreme BES events
	1, 2
	PL
	Full 100% compliance

	7
	FAC-001
	Facility connection requirements
	1, 2, 3
	PL
	Full 100% compliance

	8
	FAC-003
	Vegetation management program
	1, 2
	OP
	Full 100% compliance

	9
	FAC-005
	Electrical facility ratings for system modeling
	1, 2
	OP
	Full 100% compliance

	10
	MOD-010
	Steady-state data for modeling and simulation of the interconnected transmission system
	1, 2
	PL
	Full 100% compliance

	12
	MOD-012
	Dynamics data for modeling and simulation of the interconnected transmission system
	1, 2
	PL
	Full 100% compliance

	18
	PRC-004
	Analysis and reporting of transmission-protection system misoperations
	1, 2
	PL
	Full 100% compliance

	19
	PRC-005
	Transmission-protection system maintenance and testing
	1, 2
	PL
	Full 100% compliance

	20
	PRC-007
	Assuring consistency of entity under-frequency load-shedding programs with regional reliability organizations UFLS program requirements
	1, 2, 3
	PL
	Full 100% compliance

	21
	PRC-008
	Implementation and documentation of UFLS equipment maintenance program
	1, 2
	PL
	Full 100% compliance

	22
	PRC-009
	Analysis and documentation of UFLS performance following an under-frequency event
	1, 2
	OP
	Full 100% compliance

	23
	PRC-011
	Undervoltage load-shedding maintenance and testing
	1, 2
	PL
	Full 100% compliance

	25
	PRC-016
	Analysis and reporting of special protection system misoperations
	1, 2, 3
	Pl
	Full 100% compliance

	26
	PRC-017
	Special protection system maintenance and testing
	1, 2
	PL
	Full 100% compliance

	27
	BAL-001
	Real-power-balancing control performance
	1, 2
	OP
	Full 100% compliance

	28
	BAL-002
	Disturbance-control performance
	4
	OP
	Full 100% compliance

	29
	INT-001
	Interchange-transaction tagging
	2, 4
	OP
	Full 100% compliance

	30
	TOP-003
	Planned-outage coordination
	1
	OP
	Full 100% compliance

	31
	TOP-005
	Operational reliability information
	1, 2
	OP
	Full 100% compliance

	32
	TOP-007
	Reporting system operating-limit and interconnected reliability operating-limit violations
	1, 2, 4
	OP
	Full 100% compliance

	33
	EOP-001
	Emergencies operations planning
	4


	OP
	Full 100% compliance

	34
	EOP-002
	Capacity and energy emergencies
	2, 3, 9
	OP
	Full 100% compliance

	35
	EOP-005
	System restoration plans
	1, 2
	OP
	Full 100% compliance

	36
	EOP-008
	Planned loss of control center functionality
	1
	OP
	Full 100% compliance

	37
	EOP-009
	Documentation of black-start generating-unit test results
	1, 2
	OP
	Full 100% compliance

	38
	PER-001
	Operating personnel responsibility and authority
	1
	OP
	Full 100% compliance

	39
	PER-002
	Operating personnel training
	1, 2, 3, 4
	OP
	Full 100% compliance

	40
	PER-003
	Operating personnel credentials
	1
	OP
	Full 100% compliance

	41
	PER-004
	Reliability coordinator staffing
	1, 2
	OP
	Full 100% compliance

	42
	IRO-001
	Reliability coordination  (responsibilities, authorities, and agreements)
	3
	OP
	Full 100% compliance

	43
	IRO-004
	Reliability coordination (operations planning)
	1, 2, 3
	OP
	Full 100% compliance

	44
	IRO-006
	Reliability coordination (transmission loading relief)
	1, 3, 4, 5
	OP
	Full 100% compliance


(a) This status report excludes NPCC requirements.

Appendix D  
The Outage Coordination Process

This appendix provides an overview of the outage-coordination process, including descriptions of the long-term and short-term processes for coordinating transmission equipment outages.

D.1. Overview of the Outage-Coordination Process

Regular maintenance of existing transmission facilities and the construction of new facilities are essential for assuring that the transmission system will be able to meet the increasing demands of customer load with the most reliability at the lowest long-term cost. To accomplish this, equipment must be taken out of service, putting added stress on remaining in-service equipment. The ISO must carefully study and coordinate these outage requests in conjunction with planned generator outages to minimize their impact and assure the load can continue to be served reliably under expected and contingent conditions. 

The planning of transmission equipment outages must be carefully coordinated to assure that load can continue to be reliably served if the worst generator or transmission facility contingency (i.e., a first contingency) were to occur while the maintenance or construction were in progress. In certain areas of New England, due to the unique transmission system topology and sensitivity, coordinating transmission equipment outages requires assurance that load can continue to be served during the maintenance or construction while suffering the worst first and second contingencies. 

Advance planning of transmission equipment outages allows the ISO to conduct studies or computer simulations to project system loading as well as potential congestion costs under a given set of assumptions. If the results are unacceptable, scheduled outages are changed to a more suitable time period. In addition to the obvious benefits of effective communication with the TOs, LCCs, and the ISO, conveying accurate information regarding equipment outages is important to market participants that require such information to properly hedge against potential congestion costs. Working closely with the TOs, the ISO gathers and analyzes data to better understand current outage-planning practices and identify areas for improvement.

The coordination of bulk transmission equipment outages begins with the TOs identifying work to be done (e.g., either routine preventative maintenance or outages needed to accommodate new construction projects). Each TO will then establish a desired outage schedule in coordination within its own company project timeline and with due consideration for the reliability of its local area. The TOs then convey this desired transmission equipment outage request to their LCC that will evaluate it based on an initial impact on regional reliability. This initial planning by each of the TOs in coordination with their respective LCCs results in an outage plan designed to maintain reliability during the outage. Requests that pass the LCC review are submitted to the ISO for a final reliability study and congestion analysis. These ISO studies are intended to assure regional and inter-area reliability as well as to identify and work toward minimizing congestion cost during the outage. The ISO, the New England TOs, and the LCCs work cooperatively to minimize the impact of these necessary transmission equipment outages, aiming to not schedule equipment outages during periods of high load and thus avoid conflicts with requests for generator or other transmission equipment outages.

During the first quarter of 2005, the ISO implemented a new set of internal procedures to coordinate transmission equipment outages. These new procedures were developed in accordance with ISO operating procedures, the TOAs, and applicable market rules and were the direct result of an intensive review of the ISO transmission equipment outage-coordination practices and requirements. This review was conducted as part of the ISO’s Operational Excellence initiatives.
 The ISO has also assigned additional staff to coordinate transmission equipment outages to more effectively coordinate, plan, and communicate the required tasks.

The ISO coordinates planned transmission equipment outages as part of one of two processes, depending on when the outage request is submitted. To be considered as part of the long-term process, an equipment outage request can be submitted to the ISO up to 12 months, but no less than 21 days, in advance of the day the transmission equipment outage is requested to take place. Through the short-term process, the ISO will evaluate equipment outage requests that do not meet the timing requirements of the long-term process but are submitted at least 72 hours prior to 00:01 of the day the transmission equipment outage is requested to take place.
 The ISO considers outage requests it receives with less than 72 hours advance notice as unplanned equipment outages. 

At any time up to and including the actual scheduled outage time, the ISO, LCCs, and TOs each have the independent authority to deny or cancel an equipment outage that could impact their jurisdictional area. Additionally, at any time during the actual outage and within safety parameters, the equipment can be recalled to address unforeseen system reliability needs.

D.2. Long-Term Transmission Equipment Outage Coordination

The long-term process is the more desirable option because it allows the ISO sufficient time to conduct both the mandatory reliability study as well as a congestion analysis. Early and effective long-term outage coordination has the added benefit of providing increased assurance to the TO seeking the equipment outage that the ISO will schedule the outage to meet the TO’s desired scheduling timeline. An equipment-outage request submitted as part of the long-term process is given a higher priority than one submitted as part of the short-term process. Additionally, equipment outage requests in the long-term process may also be considered in the FTR Auction assumptions. A coordinated, finalized, accurate, and complete long-term equipment-outage schedule is vital to enable market participants to properly hedge themselves in the FTR auction.

Working with the LCCs, TOs, and generator owners, the ISO assembles the desired equipment-outage requests related to both transmission and generation facilities. The schedules are then reviewed to determine whether any desired equipment outages have the potential to negatively impact system reliability or cause excessive congestion. When the technical studies conducted identify an undesirable condition, the ISO and the LCCs work with the TOs and/or generator owners desiring the equipment outage to minimize the impacts in an acceptable way. The ISO publishes long-term transmission equipment outage information on its Web site on a monthly basis in conformance with the limitations of the ISO Information Policy.

D.3. Short-Term Transmission Equipment Outage Coordination

In the short-term process, the ISO evaluates equipment-outage requests that do not meet the timing requirements of the long-term process. Due to the time constraints of the short-term process, the only study conducted is the mandatory reliability study; a congestion analysis is conducted only if excessive congestion is anticipated. The ISO and the LCCs conduct system studies of these equipment outages and render approval or denial no later than 24 hours prior to 00:01 the day the equipment outage is to begin. The final approved daily transmission equipment outage data, including actual equipment-outage details, associated power-flow cases and hourly interface limits, are input into the models and tools for the Day-Ahead Energy Market as well as real-time operations. The ISO also publishes a comprehensive listing of transmission equipment outage information on its Web site a minimum of twice each day, in conformance with the limitations of the NEPOOL Information Policy.
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� The ISO has entered into various TOAs with transmission owners in New England, which define the ISO’s authority and responsibilities to direct the operation of transmission facilities in New England. These agreements are listed in Appendix A. ISO’s compliance with the provisions of these TOAs regarding outage coordination is described in detail in Section 5.


� NERC is an organization whose mission is to ensure that the bulk electric system in North America is reliable, adequate, and secure.  For more information about NERC, see their Web site at � HYPERLINK "http://www.nerc.com/" ��http://www.nerc.com/�. NPCC is an organization whose mission is to promote the reliable and efficient operation of the interconnected bulk power systems in northeastern North America through the establishment of criteria; the coordination of system planning, design and operations; and the assessment of compliance with such criteria. For more information about NPCC, see their Web site at � HYPERLINK "http://www.npcc.org/default.cfm" ��http://www.npcc.org/default.cfm�.


� Demand response in wholesale electricity markets refers to resources that reduce their electricity consumption in response to either high wholesale prices or system reliability events in exchange for compensation based on wholesale electricity prices.


� To address a capacity shortage in Southwest Connecticut the ISO issued a Request for Proposals for Southwest Connecticut Emergency Capability in December 2003. The agreements obtained through the RFP have provided demand-response and emergency capacity resources that are helping to bridge the resource gap until expected transmission upgrades are in service in southwestern Connecticut. Documents related to the processes and requirements for acquiring resources under the RFP are posted at � HYPERLINK "http://www.iso-ne.com/genrtion_resrcs/rfps/index.html" ��http://www.iso-ne.com/genrtion_resrcs/rfps/index.html�.


� NEPOOL was formed in 1971 by the region’s private and municipal utilities to foster cooperation and coordination among the utilities in the six New England states and ensure a dependable supply of electricity. Today, NEPOOL members are ISO New England stakeholders and market participants.


� Detailed statistics of New England’s bulk power system, including peak load, electric energy demand, installed capacity, transmission system, and voltage and reactive control can be found in the 2005 Regional System Plan (RSP05) posted at http://www.iso-ne.com/trans/rsp/index.html.


� In ISO New England, et al., Docket Nos. RT04-2-000 and ER04-116-000: (1) by letter order dated March 24, 2004 (106 FERC ¶ 61,280 (2004)), the Federal Energy Regulatory Commission (FERC) conditionally accepted ISO New England as an RTO; and (2) by letter order dated February 10, 2005 (110 FERC ¶ 61,111 (2005)), the commission authorized ISO New England to begin operation as an RTO, effective February 1, 2005.


� NAESB is a gas and electric industry forum for the development and promotion of standards that aim to create a seamless marketplace for wholesale and retail natural gas and electricity, as recognized by its customers, business community, participants, and regulatory entities.  For more information about NAESB see � HYPERLINK "http://www.naesb.org/" ��http://www.naesb.org/�.


� In accordance with the terms and conditions regarding OASIS requirements and standards of conduct set forth in 18 C.F.R. §37 of the FERC’s regulations (Open Access Same-Time Information System and Standards of Conduct for Public Utilities), the ISO maintains an OASIS node on its Web site (http://www.iso-ne.com/trans/services/oasis/index.html). The site provides information to all transmission customers on a timely and nondiscriminatory basis concerning available transmission capacity, transmission rates, and system conditions that may give rise to interruptions or curtailments.


� The ISO New England Inc. Transmission, Markets and Service Tariff, FERC Electric Tariff No. 3, includes, among other things, the ISO Open Access Transmission Tariff (OATT) (Section II) and the ISO market rules contained in Market Rule 1 (Section III).


� The various committees supported by the ISO are summarized in Appendix B.


� ISO operating procedures and M/LCC procedures are posted at � HYPERLINK "http://www.iso-ne.com/rules_proceds/operating/index.html" ��http://www.iso-ne.com/rules_proceds/operating/index.html�.


� The OP 4 procedure, which establishes criteria and guides for actions during capacity deficiencies, as directed by the ISO and as implemented by the ISO and the LCCs is posted at http://www.iso-ne.com/rules_proceds/operating/isone/op4/OP4_RTO_FIN.doc.


� The ISO activated the Real-Time Demand-Response Program in the Connecticut load zone on April 27, 2005. During this event, the resources provided approximately 83% of their full load-reducing capability.


� Based on its reliability studies, the ISO expects reliability concerns to remain particularly acute in Southwest Connecticut during the summer until upgrades are made to the transmission system in that subregion. To address this capacity shortage, the ISO issued a Request for Proposals for Southwest Connecticut Emergency Capability in December 2003. The agreements obtained through the RFP have provided demand-response and emergency-capacity resources that are helping to bridge the resource gap until expected transmission upgrades are in service in southwestern Connecticut. Documents related to the processes and requirements for acquiring resources under the RFP are posted at � HYPERLINK "http://www.iso-ne.com/genrtion_resrcs/rfps/index.html" ��http://www.iso-ne.com/genrtion_resrcs/rfps/index.html�.


� Under various actions of OP 4, the ISO can call for the interruption of real-time demand response resources.


� The majority of the error occurred on two particular days this summer when the weather forecast was particularly inaccurate.


� Appendix H of Market Rule 1 states that a “Cold Weather Event” is declared for days when “Cold Weather Conditions” are forecast to exist, and the seven-day capacity margin forecast indicates a capacity margin less than or equal to 0 MW for an operating day. Cold Weather Events are declared by 11:00 a.m. two days prior to the (cold weather event) operating day.


� See � HYPERLINK "http://www.iso-ne.com/pubs/spcl_rpts/2005/cld_snp_rpt/Cold%20Snap%20Report%20Final_CW.pdf" ��http://www.iso-ne.com/pubs/spcl_rpts/2005/cld_snp_rpt/Cold%20Snap%20Report%20Final_CW.pdf�.


� The ISO employed the consulting services of Levitan & Associates, Inc. (Boston, MA) to study this. The final report is published at � HYPERLINK "http://www.iso-ne.com/pubs/spcl_rpts/2005/wntr_assess/post_hurricane_outlook.pdf" ��http://www.iso-ne.com/pubs/spcl_rpts/2005/wntr_assess/post_hurricane_outlook.pdf�.


� Actual electric energy use for New England for the period November 2005 through February 2006 was down about 4%, while weather-normalized electric energy use fell by 0.2% for the winter season.


� The ISO and NEPOOL submitted the FERC filings that define the Winter 2005/2006 Action Plan or the Winter Package on October 28, 2005. The filing included Interim Amendments to Market Rule 1 for Winter 2005/2006, with a request for expedited consideration to allow an effective date of December 1, 2005, and in effect through March 31, 2006. The filing is posted at �� HYPERLINK "http://www.iso-ne.com/regulatory/ferc/filings/2005/oct/er06-___winter_project_filing2_10-28-05.pdf" ��http://www.iso-ne.com/regulatory/ferc/filings/2005/oct/er06-___winter_project_filing2_10-28-05.pdf�. The November 30 FERC Order accepting this filing is also posted at � HYPERLINK "http://www.iso-ne.com/regulatory/ferc/orders/2005/nov/er06-89-000_11-30-05.doc" ��http://www.iso-ne.com/regulatory/ferc/orders/2005/nov/er06-89-000_11-30-05.doc�.


� Appendix H of Market Rule 1 contained a sunset provision whereby the appendix ceased to be effective after April 15, 2006.


� For example, participants may now submit updated start-up and no-load fees for their generation resources during a declared Cold Weather Event. Subsequent redeclaration of such values is permitted in the bid period for the operating day following the declaration of a Cold Weather Event. A generation resource may also redeclare its manual response rate to reflect operating limitations resulting from gas pipeline flow restrictions, but not for a period exceeding the pertinent operating day to which the limits apply.


�OP 21, which was implemented for winter 2005/2006 only, went into effect on November 4, 2005, and remained in effect through March 31, 2006, at which time it automatically terminated.


� NYISO operates the high-voltage electric transmission system and administers the wholesale energy markets in the State of New York. PJM Interconnection is a regional transmission organization that operates the high-voltage electric transmission system and administers the wholesale energy markets in all or parts of Delaware, Illinois, Indiana, Kentucky, Maryland, Michigan, New Jersey, North Carolina, Ohio, Pennsylvania, Tennessee, Virginia, West Virginia and the District of Columbia.


� Natural gas-fired electric generators account for much of the generating capacity in the NYISO, PJM, and New England areas.


� As required by reliability criteria, the ISO operates the power system such that the worst generation resource or transmission facility contingency (i.e., a first contingency) could be reliably sustained. A second step of reliability criteria requires that, following a system contingency, the ISO take actions within 30 minutes to restore coverage for a next (or second) contingency.


� ISO tariff (Market Rule 1) credits for first-contingency Net Commitment-Period Compensation  (NCPC) (called reliability payments) are paid to eligible units that provide operating reserves the ISO has committed for ensuring systemwide reliability (e.g., to supply replacement reserves) and whose decommitment would pose a threat to that reliability. Most first-contingency reliability payments are made to generators committed to supply systemwide electric energy in peak hours that must stay on during later hours to satisfy minimum run-time requirements. While these generators may have been in-merit during peak hours, they become out-of-merit (more expensive) in later hours and thus receive reliability payments. Costs associated with first-contingency reliability credits are not incurred as part of the economic dispatch of the power system.


� Second-contingency commitments are a function of local reserve requirements and the availability of fast-start units (i.e., those that can start up and be at full load in less than 30 minutes) to meet these requirements. Limited transmission capacity into an area reduces the amount of reserves that can be supplied from outside the area, and this lack of supply increases local reserve requirements. The northeastern Massachusetts (NEMA)/Boston and Connecticut areas are the only regions that have local second-contingency coverage. Thus, in 2005, second-contingency NCPC credits were made in these areas only. 


� Generators providing voltage or distribution service are compensated for shortfalls between their electric energy revenues and electric energy offers the same as generators receiving first- or second-contingency reliability credits.


� For more information about reliability cost payments in 2005, see the ISO’s 2005 Annual Markets Report at � HYPERLINK "http://www.iso-ne.com/markets/mkt_anlys_rpts/annl_mkt_rpts/index.html" ��http://www.iso-ne.com/markets/mkt_anlys_rpts/annl_mkt_rpts/index.html� .


�ASM II enhancements include locational forward reserves, joint optimization, and demand participation. Under the Forward Capacity Market (FCM) each year, the ISO will project the needs of the power system three years in advance and then hold auctions to secure power resources to satisfy the region’s future needs. These resources include new and existing power plants, alternative energy sources, and demand-response assets. See the ISO’s 2005 Annual Markets Report at � HYPERLINK "http://www.iso-ne.com/markets/mkt_anlys_rpts/annl_mkt_rpts/index.html" ��http://www.iso-ne.com/markets/mkt_anlys_rpts/annl_mkt_rpts/index.html� for further information.


� The M/LCC 2 procedure, which alerts power system operations, maintenance, construction, and test personnel, as well as market participants, when abnormal power system conditions exist or are anticipated, is posted at �� HYPERLINK "http://www.iso-ne.com/rules_proceds/operating/mast_satllte/MLCC_2.doc" ��http://www.iso-ne.com/rules_proceds/operating/mast_satllte/MLCC_2.doc�.


� To conduct resource planning reliability studies within New England, the region is modeled as 13 subareas and three neighboring control areas. These subareas include northeastern Maine (BHE); western and central Maine/Saco Valley, New Hampshire (ME); southeastern Maine (SME); northern, eastern, and central New Hampshire/eastern Vermont and southwestern Maine (NH); Vermont/southwestern New Hampshire (VT); Greater Boston, including the North Shore (BOSTON); central Massachusetts/northeastern Massachusetts (CMA/NEMA); western Massachusetts (WMA); southeastern Massachusetts/Newport, Rhode Island (SEMA); Rhode Island bordering Massachusetts (RI); Southwest CT (SWCT); Norwalk/Stamford (NOR); and CT. Greater Connecticut includes the CT, SWCT, and NOR Subareas. Greater Southwest Connecticut is comprised of the SWCT and NOR Subareas. The three neighboring control areas are New York, Hydro-Québec, and the Maritimes.


� A stuck breaker is a circuit breaker that, if not functioning as designed, would more extensively affect system reliability than if functioning properly.


� The Eastern Interconnection consists of the interconnected transmission and distribution infrastructure that operates in synchronism in the area east of the Rocky Mountains [excluding the portion of the system located in the Electric Reliability Council of Texas (ERCOT)]. 


� See Table 4.9 of RSP05 posted at � HYPERLINK "http://www.iso-ne.com/trans/rsp/index.html" ��http://www.iso-ne.com/trans/rsp/index.html�.


� For more details on the ISO’s commitment of generators outside the market-clearing process to maintain the reliability of the power system, see the ISO’s 2005 Annual Markets Report at http://www.iso-ne.com/markets/mkt_anlys_rpts/annl_mkt_rpts/index.html.


� The CPS 1 and CPS 2 standards are described in more detail in documents posted on the NERC Web site, including Standard BAL-001-0 — Real Power Balancing Control Performance, posted at � HYPERLINK "ftp://www.nerc.com/pub/sys/all_updl/standards/rs/BAL-001-0.pdf" ��ftp://www.nerc.com/pub/sys/all_updl/standards/rs/BAL-001-0.pdf�, and the Performance Standards Reference Document, posted at ftp://www.nerc.com/pub/sys/all_updl/oc/opman/PerformStdsRef.pdf.


� For additional details on NERC Control Performance Standard, BAL-002-0,�see � HYPERLINK "ftp://www.nerc.com/pub/sys/all_updl/standards/rs/BAL-002-0.pdf" ��ftp://www.nerc.com/pub/sys/all_updl/standards/rs/BAL-002-0.pdf�.


� The Canadian Maritime provinces became a participant in the SAR arrangement in February 2006.


� Market Rule 1, which requires that participants comply with the electric energy dispatch signals and instructions transmitted by the ISO for resources offered or made available to the ISO, is posted at http://www.iso-ne.com/regulatory/tariff/sect_3/market_rule_1_effective_04_01_06.doc.


� For information on OP 3, see http://www.iso-ne.com/rules_proceds/operating/isone/op3/index.html.


� OP 3 categorizes unplanned outages into emergency outages and forced outages. An emergency outage is the obvious failure of a piece of transmission equipment that comes out of service on its own or requires immediate operator intervention to remove it from service. A forced outage is the discovery of a problem that needs to be repaired as soon as crews, equipment, and/or corrective dispatch actions can be put in place to allow the work to be performed. By definition, a forced outage cannot be scheduled.


� The TOAs can be found at http://www.iso-ne.com/regulatory/toa/.


� In FERC Order 2000, Section III.D.4, Short-Term Reliability (Characteristic 4), the commission concluded that the RTO must have the authority to approve and disapprove all requests for scheduled outages of transmission facilities to ensure that the outages are accommodated within established reliability standards.


� The Section 3.08(c) references in this document refer to the TOA the ISO entered into with the New England Participating Transmission Owners, which is posted at � HYPERLINK "http://www.iso-ne.com/regulatory/toa/transmission_operating_agreement.pdf" ��http://www.iso-ne.com/regulatory/toa/transmission_operating_agreement.pdf�. Comparable provisions are contained in the other TOAs the ISO has entered into with other transmission owners in New England.


� These changes became effective on February 1, 2005, coincident with the ISO becoming an RTO. For additional details on these additional categories, see OP 3 at http://www.iso-ne.com/rules_proceds/operating/isone/op3/index.html.


� A Financial Transmission Right is a financial instrument that market participants use to hedge congestion between pricing locations in the New England wholesale energy markets. The FTR auction is the periodic auction of FTRs conducted by the ISO in accordance with Section III.7 of Market Rule 1 to allow market participants to acquire or sell FTRs. See the ISO’s 2005 Annual Markets Report at � HYPERLINK "http://www.iso-ne.com/markets/mkt_anlys_rpts/annl_mkt_rpts/index.html" ��http://www.iso-ne.com/markets/mkt_anlys_rpts/annl_mkt_rpts/index.html� for further details Also see Market Rule 1 at � HYPERLINK "http://www.iso-ne.com/regulatory/tariff/sect_3/index.html" ��http://www.iso-ne.com/regulatory/tariff/sect_3/index.html�.


� Reliability costs arise when, depending on system conditions, the ISO needs to make supplemental commitments of generation resources to supply local second-contingency reserves. These supplemental commitments are of resources that do not receive sufficient revenues through the market-pricing mechanisms to remain profitable but are needed to maintain the reliability of the system. Second-contingency commitments are a function of local reserve requirements and the availability of fast-start units (i.e., those that can start up and be at full load in less than 30 minutes) to meet these requirements. Limited transmission capacity into an area reduces the amount of reserves that can be supplied from outside the area, and this lack of supply increases local reserve requirements. For more information on local second-contingency and reliability cost provisions, see the ISO’s 2005 Annual Markets Report at � HYPERLINK "http://www.iso-ne.com/markets/mkt_anlys_rpts/annl_mkt_rpts/index.html." ��http://www.iso-ne.com/markets/mkt_anlys_rpts/annl_mkt_rpts/index.html.�


� An outage request is an electronic form LCCs submit to the ISO at the request of the transmission owner. It can be a request to remove a single piece of equipment from service or a request for an outage of a group of multiple elements.


� Undesirable cancellations are those that could have been avoided through improved planning processes.  


� The Electric Power Research Institute is developing one such evaluation tool. The purpose of this project is to develop an electric utility outage-coordination scheduler viewer that will allow outage schedulers to view, edit, and quickly change the outage schedules submitted by different owners via the Internet.


� “Promoting Wholesale Competition Through Open Access Nondiscriminatory Transmission Services by Public Utilities; Recovery of Stranded Costs by Public Utilities and Transmitting Utilities,” Order No. 888, 61 Fed. Reg. 21,540 (May 10, 1996), FERC Stats. & Regs. ¶ 31,036 (1996), order on reh'g, Order No. 888-A, 62 Fed. Reg. 12,274 (March 14, 1997), FERC Stats. & Regs. ¶ 31,048 (1997), order on reh'g, Order No. 888-B, 81 FERC ¶ 61,248 (1997), order on reh'g, Order No. 888-C, 82 FERC ¶ 61,046 (1998), aff'd in relevant part sub nom. Transmission Access Policy Study Group v. FERC, 225 F.3d 667 (D.C. Cir. 2000), aff'd sub nom. New York v. FERC, 535 U.S. 1 (2002).


� Regional system plans are the ISO's annual planning reports that determine the resources and transmission facilities needed to maintain reliable and economic operation of New England's bulk electric power system over a 10-year horizon. RSP05 is posted at http://www.iso-ne.com/trans/rsp/index.html.


� PP 7, which became effective August 31, 2005, is available at: � HYPERLINK "http://www.iso-ne.com/rules_proceds/isone_plan/" ��http://www.iso-ne.com/rules_proceds/isone_plan/�.


� Participants in the Northeast Planning Coordination Protocol include ISO New England, NYISO, and PJM. Supporting participants include the Canadian members of NPCC: the Ontario Independent Electricity System Operator, Hydro-Québec TransÉnergie, and the New Brunswick System Operator. NPCC staff serves as facilitators for this organization.


� The IPSAC Web site is: http://www.interiso.com.


�These agreements are (1) the Coordination Agreement Between ISO New England Inc. and New Brunswick System Operator (effective June 7, 2005) (ISO New England, et al., 113 FERC ¶61,206 (2005), conditionally accepted by the commission by letter order dated November 23, 2005, in Docket No. ER05-1086-002; (2) the Interconnection Operators Agreement between ISO New England and Hydro-Québec TransÉnergie (effective July 18, 2005), accepted by the commission by letter order dated September 19, 2005, in Docket No. ER05-1250-000; and (3) the Coordination Agreement between ISO New England Inc. and New York Independent System Operator (effective January 1, 2006), pending acceptance by the commission, in Docket No. ER06-421-000.


� Delisted resources are resources within the control area that have requested to be classified as a non-ICAP resource and, as such, are not required to offer their capacity into the Day-Ahead Energy Market.


� See Market Rule 1, Section 8.3.4.a (http://www.iso-ne.com/regulatory/tariff/sect_3/market_rule_1_redone%20_1-18-06.doc).


� MEPCO owns the 345 kV transmission facilities that interconnect New England with New Brunswick. MEPCO is jointly owned and operated by three Maine utilities: Central Maine Power Company, Bangor Hydro-Electric Company, and Maine Public Service Company.


� NPCC participates with its neighboring regions, the Mid-Atlantic Area Council (MAAC) and the East Central Area Reliability Council (ECAR), in the MAAC-ECAR-NPCC (MEN) Study Subcommittee.


� The current compensation mechanism in Schedule 16 of the ISO OATT is to be evaluated in 2006, as required by FERC.


� Reactive power must be supplied to most types of magnetic equipment, such as motors and transformers. It must also supply the reactive losses on transmission facilities. A facility provides MVAR to or absorbs them from the power grid within its technical limitations. Reactive power is provided or absorbed by generation resources, synchronous condensers, or electrostatic equipment, such as capacitors, and directly influences electric system voltage. In general, as power demands increase in an alternating current system, the need for reactive power increases. Since delivering large amounts of reactive power over long distances can restrict the amount of real power the grid can transmit, it is advantageous to produce the needed reactive power close to the load. (Also see Section 3.7.1.5 of this report.)


� Daily-cycle hydro units have monthly ratings based on river flow and other factors. The ISO summarizes seasonal capability values of generators on a monthly basis in the Seasonal Claimed Capability Report, posted at��HYPERLINK "http://www.iso-ne.com/genrtion_resrcs/snl_clmd_cap/"��http://www.iso-ne.com/genrtion_resrcs/snl_clmd_cap/�.


� In 2002, the ISO was subject to, and successfully passed a NERC Reliability Coordinator Audit. Upon request by the ISO, the NPCC accepted the NERC audit review as more than adequate to meet the requirements of the compliance review for operations/reliability for 2003. Only the ISO System Planning Department was required to participate in the 2003 NPCC review.


� The NERC Version 0 standards can be found at � HYPERLINK "http://www.nerc.com/~filez/standards/Reliability_Standards.html" ��http://www.nerc.com/~filez/standards/Reliability_Standards.html�.


� The US-Canada Power System Outage Task Force, Final Report on the August 14, 2003, Blackout in the United States and Canada: Causes and Recommendations, April 2004, is posted at � HYPERLINK "https://reports.energy.gov/BlackoutFinal-Web.pdf" ��https://reports.energy.gov/BlackoutFinal-Web.pdf�. This task force was co-chaired by a representative from the U.S. Department of Energy and the Canadian Minister of Natural Resources.


� NERC. 2004. August 14, 2003 Blackout: NERC Actions to Prevent and Mitigate the Impacts of Future Cascading Blackouts – February 10, 2004, posted at ftp://www.nerc.com/pub/sys/all_updl/pc/spctf/NERC_Recommendations_2-10-04.pdf and the NERC Control Area Readiness Audit of ISO New England, May 4-6 2004.


� The ISO New England report, Blackout 2003, Performance of the New England and Maritimes Power Systems During the August 14, 2003 Blackout (February, 2004), is posted on the ISO Web site at http://www.iso-ne.com/pubs/spcl_rpts/2004/aug_blck_rpt/ISO_August_Blackout_Report_-_February_2004.pdf.


� For further information, see information posted on the NERC Web site at http://www.nerc.com/~org/.


� To the extent that the ACE of one or more ADI participant is out-of-phase in one direction (+/-) and the ACE of one or more ADI participants is out-of-phase in the opposite direction, the participants can take advantage of such ACE sign diversity to reduce their regulation requirements.


� NPCC Document C-37, Operating Procedures for Ace Diversity Interchange (ADI), is posted at � HYPERLINK "http://www.npcc.org/publicFiles/reliability/criteriaGuidesProcedures/c-37.pdf" ��http://www.npcc.org/publicFiles/reliability/criteriaGuidesProcedures/c-37.pdf�.


� CPS 2 is NERC Requirement R 2 (Control Performance Standard 2), which pertains to limiting ACE fluctuation within certain limits to maintain not only acceptable frequency bounds but also acceptable amounts of inadvertent electric energy (see Section 4.4).


� Document A-8, NPCC Reliability Compliance and Enforcement Program, is posted at � HYPERLINK "http://www.npcc.org/PublicFiles/Reliability/CriteriaGuidesProcedures/A-08.pdf" ��http://www.npcc.org/PublicFiles/Reliability/CriteriaGuidesProcedures/A-08.pdf�.


� More information on NPCC NRAP can be found at � HYPERLINK "http://www.npcc.org/NRAP.asp?Folder=CurrentYear" ��http://www.npcc.org/NRAP.asp?Folder=CurrentYear�.


� More information on NERC CEP can be found at � HYPERLINK "http://www.nerc.com/~comply/annual.html" ��http://www.nerc.com/~comply/annual.html�.


� The Operational Excellence Program is part of the ISO’s Quality Management System, which is designed to continually improve the effectiveness and efficiency of the ISO’s performance and the quality of the products and services it produces. In its Operational Excellence program, ISO senior management identifies areas that have the greatest risk of influencing the ISO’s current and future ability to achieve its objectives. A team is then assembled to identify and prioritize areas for improvement, evaluate underlying processes to proactively address these potential areas of concern, and identify and implement actions to ensure the highest levels of quality are achieved in the ISO's internal processes, services, and deliverables.


� This timing is in accordance with OP 3, which requires submittal to the ISO; the LCCs may require earlier submittal. 


� The ISO Information Policy provides the rules and procedures the ISO follows to disclose information collected and created while administering New England's wholesale electricity markets and operating the region's transmission grid. It is posted at � HYPERLINK "http://www.iso-ne.com/regulatory/tariff/attach_d/index.html" ��http://www.iso-ne.com/regulatory/tariff/attach_d/index.html�.





